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Abstract Understanding the transport of hydraulic fracturing (HF) fluid that is injected into the deep sub-
surface for shale gas extraction is important to ensure that shallow drinking water aquifers are not contami-
nated. Topographically driven flow, overpressured shale reservoirs, permeable pathways such as faults or
leaky wellbores, the increased formation pressure due to HF fluid injection, and the density contrast of the
HF fluid to the surrounding brine can encourage upward HF fluid migration. In contrast, the very low shale
permeability and capillary imbibition of water into partially saturated shale may sequester much of the HF
fluid, and well production will remove HF fluid from the subsurface. We review the literature on important
aspects of HF fluid migration. Single-phase flow and transport simulations are performed to quantify how
much HF fluid is removed via the wellbore with flowback and produced water, how much reaches overlying
aquifers, and how much is permanently sequestered by capillary imbibition, which is treated as a sink term
based on a semianalytical, one-dimensional solution for two-phase flow. These simulations include all of the
important aspects of HF fluid migration identified in the literature review and are performed in five stages
to faithfully represent the typical operation of a hydraulically fractured well. No fracturing fluid reaches the
aquifer without a permeable pathway. In the presence of a permeable pathway, 10 times more fracturing
fluid reaches the aquifer if well production and capillary imbibition are not included in the model.

1. Introduction

Hydraulic fracturing (also known as fracking, hereinafter referred to as HF) and horizontal drilling have
emerged as attractive technologies for extracting gas and oil from unconventional shale reservoirs
[Kerr, 2010]. There are abundant supplies of natural gas in the U.S., which greatly increases U.S. energy
independence [Kerr, 2010; Moniz et al., 2011; Hinton, 2012]. As of 2013, shale gas was also being devel-
oped in Canada, China, and Europe to a lesser degree [U.S. Energy Information Administration, 2013; Kis-
singer et al., 2013; Lange et al., 2013; Cai and Ofterdinger, 2014]. Furthermore, natural gas can act as a
bridge fuel to alternative energy sources because natural gas power plants produce significantly less
CO2 per kilowatt hour than coal power plants [Kerr, 2010; Moniz et al., 2011]. The dramatic increase in
the number of horizontal, hydraulically fractured wells has also spurred public concern and has
prompted the EPA to study the environmental impacts of hydraulic fracturing [U.S. Environmental Pro-
tection Agency, 2012; Reagan et al., 2015].

One of the concerns is that HF fluid and/or highly saline brine could migrate upward from a shale gas
unit and enter shallow drinking water aquifers. There are a number of other situations in which upward
migration of subsurface fluids is undesirable, such as stray gas migration, geologic carbon sequestra-
tion, and deep injection to dispose of waste fluids. One might think that HF fluid migration is less likely
than the aforementioned situations because: (i) fluids are injected for a much longer duration without
being produced in the case of carbon sequestration and deep well disposal and (ii) because free-phase
natural gas and CO2 are substantially more buoyant than HF fluid [Viswanathan et al., 2008; Engelder,
2012; Kissinger et al., 2013; Reagan et al., 2015]. Field observations support this intuition. For example,
there is only one confirmed case of HF fluids migrating to drinking water aquifers via subsurface path-
ways (which occurred in Jackson County, West Virginia in 1982 [U.S. Environmental Protection Agency,
1987]), whereas thermogenic stray gas appears in drinking water wells quite frequently [Osborn et al.,
2011; Jackson et al., 2013].

Special Section:
The 50th Anniversary of Water
Resources Research

Key Points:
� Numerical model tracks movement

of fracturing fluid toward aquifer
� Imbibition and well suction sequester

and remove fluid and keep it from
aquifer
� Aquifer contamination requires

presence of permeable pathway

Supporting Information:
� Supporting Information S1
� Data Set S1
� Data Set S2
� Data Set S3
� Data Set S4
� Data Set S5
� Data Set S6
� Data Set S7
� Data Set S8

Correspondence to:
H. Rajaram,
hari@colorado.edu

Citation:
Birdsell, D. T., H. Rajaram, D. Dempsey,
and H. S. Viswanathan (2015),
Hydraulic fracturing fluid migration in
the subsurface: A review and
expanded modeling results, Water
Resour. Res., 51, 7159–7188,
doi:10.1002/2015WR017810.

Received 7 JUL 2015

Accepted 28 JUL 2015

Accepted article online 30 JUL 2015

Published online 5 SEP 2015

VC 2015. American Geophysical Union.

All Rights Reserved.

BIRDSELL ET AL. SUBSURFACE FLOW MODEL OF FRACTURING FLUIDS 7159

Water Resources Research

PUBLICATIONS

http://dx.doi.org/10.1002/2015WR017810
http://onlinelibrary.wiley.com/journal/10.1002/(ISSN)1944-7973/specialsection/The 50th Anniversary of Water Resources Research/
http://onlinelibrary.wiley.com/journal/10.1002/(ISSN)1944-7973/specialsection/The 50th Anniversary of Water Resources Research/
http://dx.doi.org/10.1002/2015WR017810
http://onlinelibrary.wiley.com/journal/10.1002/(ISSN)1944-7973/
http://publications.agu.org/


HF fluids are comprised of 99% water and proppant and 1% other chemicals used as viscosity adjusters, fric-
tion reducers, biocides, surfactants, scaling inhibitors, acids to help dissolve minerals, and for other purposes
[U.S. Department of Energy, 2009; King, 2012]. While many of the additives are biodegradable and/or have
low toxicity, approximately one-third of the chemicals studied by Stringfellow et al. [2014] do not have toxic-
ity data, some are toxic, and some are known or suspected carcinogens. Based on investigations of mobility,
persistence, and toxicity, Rogers et al. [2015] concluded that 15 commonly used HF chemicals can travel
over a setback distance of 94 m, at concentrations >10% of injected concentrations. Nine of these 15 chem-
icals have either a maximum contaminant level or health assessment information associated with them. Of
the 1000–22,000 m3 of HF fluid that is injected [Byrnes, 2011; Myers, 2012a; Kissinger et al., 2013; Cipolla and
Wallace, 2014], 5–50% is estimated to return to the surface as flowback or produced water [Byrnes, 2011;
Engelder, 2012; King, 2012], 3–95% could be imbibed into the shale matrix and permanently sequestered
[Birdsell et al., 2015], and the rest is subject to subsurface flow and transport.

Various researchers have used numerical models to suggest that HF fluid migration from the shale reservoir
to an overlying drinking water aquifer may be possible [Myers, 2012a; Gassiat et al., 2013; Kissinger et al.,
2013]. These numerical models accounted for different aspects of HF fluid migration, and some of their
assumptions have been questioned [Saiers and Barth, 2012; Cohen et al., 2013; Flewelling and Sharma, 2015].
Furthermore, other researchers use laboratory data and/or analytical solutions to suggest that aquifer con-
tamination via a subsurface pathway is virtually impossible or would occur over extremely long time scales
(>106 years) [Engelder et al., 2014; Flewelling and Sharma, 2014]. Improved numerical models can serve as
important tools for investigating and quantifying the long-term effect of HF on drinking water aquifers.

In order to realistically assess the risks of HF fluid migration from the deep subsurface to a shallow aquifer, a
number of key processes must be accounted for. These processes are listed here and are discussed in more
detail in section 2. In order for flow to occur, there must be a driving force and a pathway. Drivers of upward
HF fluid flow can include upward hydraulic gradients associated with topographically driven flow, overpres-
sure in shale reservoirs, increased pressure within the shale due to injection of HF fluid, and buoyancy
resulting from the density difference between the HF fluid and the native brine [Myers, 2012a; Gassiat et al.,
2013; Kissinger et al., 2013]. Permeable pathways could include wellbores, faults, joints, induced fractures, or
some combination thereof [Engelder et al., 2009; U.S. Environmental Protection Agency, 2012]. There are also
a number of processes that work to sequester or remove HF fluid from the subsurface so that it cannot
reach an aquifer by a subsurface pathway. For example, capillary imbibition draws wetting phase fluid (e.g.,
HF fluid and brine) into unsaturated shale, sequestering it for ‘‘geologic periods of time’’ under large capil-
lary pressure [Byrnes, 2011; Engelder, 2012]. Imbibition may explain the low amount of flowback water
observed in the field [Engelder et al., 2014]. The migration of any HF fluid that is not imbibed may be hin-
dered by reduced relative permeability within the shale gas reservoir due to the presence of multiple
phases, such as HF fluid, gas, oil, and/or brine. Well production decreases overpressure and has the effect of
drawing fluids toward the well, where they may be removed from the subsurface as flowback or produced
water.

Based on these key processes of HF fluid migration, there are number of interesting research questions that
remain unanswered. For example, do buoyancy and pressure buildup during injection move HF fluid verti-
cally to large distances away from the well, and/or will subsequent production draw the buoyant plume
back to the well and remove it from the subsurface despite the initial thrust? How much imbibition can
occur? Does it drastically decrease the potential for aquifer contamination, and does it explain the low
amount of flowback water? Is a permeable pathway, such as a fault or leaky well required to see aquifer
contamination, and does the orientation, size, and shape of the permeable pathway make a difference?
How does an overpressured reservoir interact with the pressure transient associated with injection and
production?

In this paper, we first review recent research on HF fluid migration, including drivers of HF fluid flow, perme-
able pathways, capillary imbibition, and characterization of major U.S. shale gas plays. We then discuss and
evaluate conceptual frameworks employed in previous numerical modeling studies of HF fluid migration.
Since no previous studies have combined all of the key processes of HF fluid migration, we present a com-
prehensive numerical model that includes all the processes identified in section 2. We present simulations
and sensitivity analyses of potential aquifer contamination over a 1000 year time scale. The U.S. Environmen-
tal Protection Agency [2012] does not recommend specific time scales for the evaluation of potential impacts
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of hydraulic fracturing on drinking water resources. Previous modeling studies have considered time scales
ranging from 2 years [Reagan et al., 2015] for short-term migration of methane to 30–100 years [Kissinger
et al., 2013] to >1000 years [Gassiat et al., 2013] for HF fluids. The typical time scale of 20–30 years associ-
ated with natural gas or oil production is well within the management time horizon for groundwater aqui-
fers. Time scales of interest for nuclear waste disposal are on the order of tens of thousands of years, if not
longer [U.S. National Research Council, 1996], because some radionuclides have very long half-lives. It is
highly unlikely that HF chemicals would have a significant impact over such long time scales. Gassiat et al.
[2013] employed a time scale of 1000 years because it was suggested as a full, ethical time horizon for
human impact on biophysical systems [Lenton, 2011]. Our choice of a 1000 year time scale follows the
approach of Gassiat et al. [2013] and we also report behavior at shorter time scales.

2. Factors Controlling Vertical Migration of HF Fluids

This section summarizes the current understanding of factors influencing HF fluid migration. The factors dis-
cussed include drivers of upward flow, permeable pathways, capillary imbibition, relative permeability, and
salient features of major shale gas plays.

2.1. Drivers of Upward HF Fluid Flow
Of the mechanisms that could potentially drive upward migration of HF fluid, some are persistent while
others are short lived; some result directly from HF while others are preexisting mechanisms that may be
active in conjunction with HF. The four mechanisms outlined below are: (1) topographically driven flow in a
regional groundwater discharge zone, (2) overpressure in a shale gas reservoir, (3) the increase in pressure
due to HF fluid injection, and (4) buoyancy of HF fluid. Figure 1 shows the types of vertical pressure distribu-
tions that can lead to upward flow.

Upward flow from the deep subsurface can occur in regional groundwater discharge zones driven by
topography [Deming, 2001]. This is a persistent feature of the steady state hydrologic system which is driven
by the elevated water table on either side of a valley bottom discharge zone [Deming, 2001]. Upward flow
in regional discharge zones will likely continue before and after hydraulic fracturing occurs, although travel
times to shallow aquifers and magnitudes of upward fluxes may be altered by the changes in permeability
associated with hydraulic fracturing, as was shown by Myers [2012a].

Overpressure in shale reservoirs can drive upward flow if vertical hydraulic connectivity is sufficient [Warner
et al., 2012a, 2012b]. Osborne and Swarbrick [1997] identify three broad mechanisms for overpressure gener-
ation: (1) increase in compressive stress, (2) changes in the volume of the pore fluid or rock matrix, and (3)
fluid movement or buoyancy. The most probable and significant sources of overpressure in shale gas reser-
voirs are disequilibrium compaction and hydrocarbon generation [Osborne and Swarbrick, 1997; Deming,
2001]. Disequilibrium compaction occurs when low-permeability units are buried rapidly. The pore fluid can-
not escape and therefore the porosity does not decrease as much as it would normally during burial, which
ultimately increases the amount of overburden stress that is supported by pore fluid pressure. Hydrocarbon
generation, which falls under the second mechanism listed above [Osborne and Swarbrick, 1997], changes
kerogen to less dense oil or gas and the associated volume expansion increases the pore pressure. Other
proposed sources of overpressure include tectonic compression, aquathermal expansion, mineral diagene-
sis, osmosis, and hydrocarbon buoyancy, but they are either unlikely or are able only to effect small increases
in pressure [Osborne and Swarbrick, 1997; Deming, 2001]. The literature is somewhat vague on whether reser-
voir overpressure is applied to the wetting fluid, the nonwetting fluid, or both [e.g., Osborne and Swarbrick,
1997; Deming, 2001]. In principle, if the overpressure is assumed to exist in the nonwetting phase, the pressure
in the wetting fluid may be calculated from the wetting fluid saturation and the capillary pressure-saturation
function for shale. However, none of the previous modeling studies reviewed here employ such a representa-
tion. Nunn [2012] suggests that overpressure exists in the wetting phase. The simulations of Gassiat et al.
[2013] and the simulations presented later in this paper specify overpressure in the wetting phase.

In addition to a source of overpressure, a three-dimensional seal for the overpressure must exist. Capillary
sealing, in which a nonwetting phase (e.g., gas) occupies the large pores and a wetting phase (e.g., brine)
occupies small pores and reduces the other phase’s relative permeability, is a plausible sealing mechanism
[Deming, 2001]. Additionally, the low permeability of the shale reservoir helps to contain gas and
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overpressure. Hydraulic fracturing cre-
ates permeability and destroys pressure
seals, thus releasing overpressure. This
can cause flow of HF fluid, brine, and
hydrocarbons upward and away from
the shale reservoir until the overpres-
sure is dissipated.

Increased pressure due to injection of
HF fluids is the third potential driver of
upward flow. Downhole pressures
must be increased to at least the mini-
mum principal stress, which tends to
be nearly the lithostatic pressure (70–
90% of lithostatic), to induce fractures
[Osborne and Swarbrick, 1997]. These
high injection pressures drive fluids
radially away from the well. Typically
the well will allow for flowback and
production within days to weeks of
injection, so the increased pressure
due to hydraulic fracturing will be short
lived. But there are anecdotal accounts
of ‘‘extended shut-ins,’’ which can last
up to 6 months [Cheng, 2012]. During
extended shut-ins, pressure will not be
released via the well and may cause
continued flow away from the well.

Buoyancy is also a potential driver of upward flow. Buoyancy forces are generated because the injected flu-
ids are typically less dense than the formation brines. Density increases linearly with salinity [Simmons et al.,
2001], and natural brines in North America can be quite saline (up to 500 g/L [Gassiat et al., 2013]) whereas
fracturing fluids typically have very low salinity [Engelder et al., 2014]. As the HF fluid remains in the subsur-
face, it will mix with the brine and the density contrast will decrease. Nevertheless, there will be an initial
upward force on a plume of HF fluid surrounded by brine. This initial buoyant force may be large enough to
drive a HF fluid plume upward to the point that some HF fluid escapes the pressure drawdown during pro-
duction and the associated flow reversal, thus creating favorable conditions for significant upward
migration.

2.2. Permeable Pathways
The typical vertical separation between shale gas reservoirs and overlying groundwater aquifers is quite
large (of the order of thousands of feet) [U.S. Department of Energy, 2009] and is discussed in section 3. The
geological formations in between the shale reservoir and aquifers typically include low-permeability forma-
tions, and models suggest that significant upward transport of injected fluids is unlikely unless there are
permeable pathways, such as fractures and faults [Myers, 2012a; Gassiat et al., 2013; Kissinger et al., 2013].
The key question is whether continuous connected pathways exist across such large vertical extents. One
would expect that as the separation distance between reservoir and aquifer decreases, the likelihood of
such pathways would increase. In the context of the Marcellus shale, Warner et al. [2012a] presented evi-
dence for the possible migration of Marcellus brine into shallow formations, which suggests the existence
of conductive pathways. In response, Engelder [2012] posited that the Marcellus shale has very little free
brine, with a water saturation of only 23% and hence held by capillary forces that make it largely immobile.
Warner et al. [2012b] replied providing various lines of potential evidence for the existence of hydraulic con-
nections, and Llewellyn [2014] describes the mechanisms by which brines could migrate to shallow aquifers
in the Appalachian basin. This debate about the existence and frequency of permeable pathways continues
today [e.g., U.S. Environmental Protection Agency, 2012; Lange et al., 2013; Gassiat et al., 2013; Ingraffea et al.,
2014; Flewelling and Sharma, 2015; Lefebvre et al., 2015]. An additional consideration is whether induced

Figure 1. Vertical pressure distributions for a variety of scenarios that would drive
flow upward from the deep subsurface. The ‘‘Regional Discharge’’ scenario has
pressure above hydrostatic at depth and is used by Myers [2012a] and many of
the simulations presented in this paper. The ‘‘Overpressure’’ scenario is used by
Gassiat et al. [2013] and defines all the pressure within the shale based on pres-
sure gradient of 13 kPa/m from the surface so that P � 2z � 13 kPa in the shale
and all the pressure above the shale is hydrostatic. The ‘‘Overpressure 1 Regional
Discharge’’ curve has pressure above the shale defined from the regional dis-
charge scenario, and adds 1–6 MPa of overpressure within the shale depending
on the sensitivity analysis scenario (section 6.2.3). Also shown are the hydrostatic
and lithostatic pressure. Note: this figure assumes qw 51000 kg/m3 whereas the
simulations presented later in this paper calculate qw as a function of salinity.
Therefore, the pressure distributions shown are conceptually correct but do not
match the numerical values presented in later simulations.
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hydraulic fractures can connect to natural permeable pathways or compromised wellbores. The potential
scenarios for aquifer contamination outlined by the U.S. Environmental Protection Agency [2012] include vari-
ous combinations of induced hydraulic fractures and natural permeable pathways (faults, compromised
wellbores in offset wells). In the following subsections, we discuss the factors influencing permeable path-
ways in greater detail.
2.2.1. Fractures, Faults, and Joints
Faults and joints are natural imperfections in geological strata. They can act as permeable conduits for flow
if there is an open aperture, or they can act as a capillary barrier to flow if there are multiple phases present.
Fault zones typically have a core region with low permeability due to mineral precipitation and other
regions of high permeability at the peripheral reaches of the fault zone [Fairley et al., 2003]. Faults, fractures,
and joints generally propagate vertically below �600 m depth and horizontally at shallower depths due to
lithostatic pressure [Fisher and Warpinski, 2012]. There are reports in the petroleum industry that suggest
that favorable oil/gas production occurs where natural faults, joints, and fractures exist; horizontal wells
should be oriented to cross and drain joint sets to increase production [Engelder et al., 2009]. Warner et al.
[2012b] note that the joint sets in the Marcellus described by Engelder et al. [2009] are also present in the
overlying formations and may thus provide hydraulic connectivity from the Marcellus to shallower
formations.

Fisher and Warpinski [2012] summarize field data on the height of growth of induced hydraulic fractures in
the Barnett, Woodford, Marcellus, and Eagle Ford shales, inferred from microseismic monitoring. While
microseismic events capture many fracture propagation events, some studies show that long-period long-
duration seismic events indicate slow slip events related to hydraulic fracturing operations that microseis-
mic data will not reveal [Das and Zoback, 2013a,b]. Fisher and Warpinski [2012] also discuss various factors
that control the propagation of hydraulic fractures. Hydraulic fractures typically grow in a direction perpen-
dicular to the least principal stress, which favors vertical growth only at depths greater than �600 m. At
shallower depths, horizontal propagation is favored, thus limiting vertical growth and preventing propaga-
tion toward drinking water aquifers. Fisher and Warpinski [2012] also note that simple volumetric considera-
tions would suggest that even with the large volumes of HF fluids injected, typical upward growth extents
would be in the range of tens to hundreds of meters, which is largely supported by their data.

The largest vertical ascents of hydraulic fractures in the Barnett Shale are associated with fault interceptions,
and even in these instances, the vertical ascent is rarely >300 m. Very little out-of-formation growth of
hydraulic fractures occurs in the Woodford and Eagle Ford shales [Fisher and Warpinski, 2012]. The general
nature of hydraulic fractures and height growth is very similar in the Woodford and Barnett shale reservoirs,
despite the complex geology of the former, which includes substantial faulting and highly dipping beds.
The highest vertical ascent heights are observed in the Marcellus, with extreme heights as large as 460 m.
However, even the highest hydraulic fracture ascents puts them >600 m below the deepest groundwater
aquifers [Fisher and Warpinski, 2012]. Fisher and Warpinski [2012] also discuss several mechanisms that
restrict the vertical growth of hydraulic fractures, the most notable being the blunting by natural fracture
networks and weak geologic layers/interfaces; the limited fluid volumes injected and the short durations
associated with hydraulic fracturing. Davies et al. [2012] synthesized height information on stimulated and
natural hydraulic fractures in the form of frequency distributions. Their analysis suggests that the probability
of upward growth >350 m is �1%. Davies et al. [2012] also note that the tallest vertical ascent is associated
with fault interceptions, based on the interpretations of Warpinski and Mayerhofer [2008], and they point
out that natural hydraulic fractures tend to propagate much farther than stimulated hydraulic fractures
because they are driven by substantially larger fluid volumes over very long durations [Davies et al., 2012].

The scenarios laid out in the U.S. Environmental Protection Agency [2012] report are based on the premise
that propagation of induced hydraulic fractures can indeed produce some of the connections involved,
albeit with a low probability. Several recent papers have attempted to model the geomechanics of hydraulic
fracture propagation and activation of natural pathways connected to them [Dahi-Taleghani and Olson,
2011; Kim and Moridis, 2013; Rutqvist et al., 2013; Kim and Moridis, 2015]. The initial sense from these papers
supports the notion of limited vertical ascent of hydraulic fractures reflected in the observations discussed
above. The simulation results reported in some of these papers do not suggest unstable fracture propaga-
tion in geological settings typical of shale gas reservoirs. The interactions between preexisting natural frac-
tures and induced fractures are also highlighted by Dahi-Taleghani and Olson [2011]. We anticipate
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significant future developments in hydraulic fracture propagation simulators. From an industry perspective,
these forthcoming simulators will facilitate improvements in the design of hydraulic fracturing operations
and technology. As an additional benefit, they will further improve understanding of out-of-formation
hydraulic fracture propagation and interaction with preexisting fractures and faults, which may be of inter-
est in the context of HF fluid and gas migration.
2.2.2. Wellbore Integrity
The goal of wellbore integrity is to keep fluids from crossing between geologic formations (e.g., from target
reservoir to aquifer). The hydraulically fractured well, other nearby active wells, and nearby abandoned wells
can all act as pathways for communication if they are poorly constructed or are compromised. For aban-
doned wells to serve as potential pathways, they must also be deep enough to be intersected by hydrauli-
cally induced fractures, or become connected to them via overlying natural fractures/faults. In this section
we describe well construction, common ways that wells can fail, and additional risk factors for wellbore
integrity.

Although there is no ‘‘typical’’ casing/cementing combination [U.S. Environmental Protection Agency, 2015],
the following description of well construction is intended to provide context for the subsequent discussion
of leakage pathways. Modern onshore wells have a steel surface casing that usually extends below the
deepest freshwater aquifer [U.S. Department of Energy, 2009; U.S. Environmental Protection Agency, 2015].
Cement is set between the surface casing and the formation outside of the casing. Within the surface casing
is at least one steel casing strand (although some wells have many telescoping layers of steel casing). The
innermost casing, called the production casing, usually runs all the way to the reservoir. Cement is placed
between the production casing and the reservoir (and to some distance above it) to stop reservoir fluids
and/or HF fluids from migrating into other formations. The production casing and the cement surrounding
it are perforated within the target reservoir to allow injection of HF fluids and subsequent production of
hydrocarbons. Cement is also placed between the casing and any known intermediate hydrocarbon-
bearing formations, but in many wells there is an open (uncemented) annulus in large regions between the
bottom of the surface casing and the top of the reservoir cement [U.S. Environmental Protection Agency,
2015].

Wells can become compromised through cement or casing failure, but generally more than one barrier
must fail for a leak to become possible due to the redundancies in well safety mechanisms [King and King,
2013]. Cement must be placed correctly initially and form a good bond with both the casing and the forma-
tion [Watson and Bachu, 2009], which requires the casing to be centered, the drilling mud to be displaced
by the cement, and minimal gas channeling through unset cement [Choi et al., 2013]. Once placed, cement
can experience mechanical (e.g., formation of microannulus and cracks) [Choi et al., 2013] and chemical [see
Wojtanowicz, 2008; Carey, 2013; King and King, 2013] degradation. Casing failure can be caused by mechani-
cal deformation, chemical degradation, or electrochemical corrosion [Viswanathan et al., 2008; Choi et al.,
2013]. A good cement job around the casing decreases the chance of corrosion by brines (especially those
with CO2), but many wells have sections with uncemented casings [U.S. Environmental Protection Agency,
2015]. Other potential causes of casing damage include erosion corrosion, hydrogen damage, biological
corrosion, and galvanic corrosion [Choi et al., 2013].

There are additional risk factors for wellbore integrity. For example, deviated and horizontal wellbores in
Alberta, Canada have an increased magnitude of surface-casing vent flow, a potential indicator of wellbore
failure [Watson and Bachu, 2009], and an increased chance of cement and/or casing impairment as reported
from a database of Pennsylvania well compliance reports [Ingraffea et al., 2014]. In Alberta, there is a strong,
positive correlation between the price of oil when a well is drilled and the chance of surface-casing vent
flow being observed between 1973 and 1999, which is likely due to economic incentives to drill more
quickly and less carefully [Watson and Bachu, 2009]. Other factors that affect the chance of surface-casing
vent flow include the presence of an uncemented casing, the method of well abandonment, the geo-
graphic area, the well type (e.g., drilled and abandoned versus cased and abandoned), and a number of
other factors [Watson and Bachu, 2009]. Curiously, well age does not seem to be correlated to surface-
casing vent flow, which could be partially due to the fact that regulations did not require reporting for
surface-casing vent flow until 1995 in Alberta [Watson and Bachu, 2009]. Nevertheless, previous eras of well
development had less advanced zonal isolation technology and less stringent regulations [Watson and
Bachu, 2009; King and King, 2013]. In the most extreme cases, the location of wells are unknown and
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therefore their integrity cannot be checked. For example, over 180,000 abandoned O&G wells are unac-
counted for in Pennsylvania’s state database [Davies, 2011; Kang, 2014].

King [2014] discusses fracture hits (or frac hits), where an induced fracture opens communication to an off-
set well. The chance of fracture hits increases in reservoirs where planar fractures are more common than
complex fractures and as the density of wells increases. It is possible in principle for a fracture hit to damage
the integrity of an offset well [King, 2014].

2.3. Imbibition and Relative Permeability
Fracturing fluid migration is a multiphase flow problem in which gas or oil (the nonwetting phase) con-
tained in the shale interacts with HF fluid or brine (the wetting phase). Most shale gas plays have low brine
saturation (0.1–0.5), which gives rise to a number of multiphase flow effects such as capillary imbibition and
reduced relative permeability [Byrnes, 2011; Engelder, 2012]. Capillary imbibition sequesters fluid so that it
cannot migrate toward an overlying aquifer [Engelder, 2012], and relative permeability reduces the ability of
one fluid phase to migrate in the presence of another fluid phase.

HF fluids are imbibed from fractures into the shale matrix by both induced and spontaneous imbibition.
Induced capillary imbibition occurs when the fluids in the fractures are under high pressure during injection
and are driven into the matrix by the high pressure, and spontaneous capillary imbibition occurs during
shut-in when capillary pressure gradients pull flow naturally into the matrix under capillary pressure gra-
dients [Byrnes, 2011]. Injection typically lasts for a much shorter duration than shut-in, so the cumulative vol-
ume imbibed by spontaneous imbibition is expected to be larger than the volume from induced imbibition.
For the rest of this paper, the terms ‘‘capillary imbibition’’ and ‘‘imbibition’’ refer to spontaneous capillary
imbibition.

The imbibition flux is generally accepted to be of the form q5A=
ffiffi
t
p

where A is the imbibition rate parame-
ter with units of L T21=2 and t is the time since imbibition started [McWhorter and Sunada, 1990]. The units
of q are volume imbibed per unit fracture area per unit time (L T21). Imbibition has been measured under
laboratory conditions, but it is difficult to isolate the effects of capillary imbibition because reservoir condi-
tions are difficult to replicate. Microfracturing and clay swelling generally occur when water is introduced,
and sorption and osmotic pressure can also affect the rate of flow into the matrix [Roychaudhuri et al., 2011;
Dehghanpour et al., 2013; Makhanov et al., 2014; Engelder et al., 2014]. Birdsell et al. [2015] calculated the
imbibition rate parameter, A, for HF fluid in shale gas and shale oil reservoirs based on a one-dimensional,
semianalytical model of two-phase countercurrent flow driven by capillary pressure (i.e., spontaneous imbi-
bition) [McWhorter and Sunada, 1990]. Cumulative imbibition (Qcum) can be calculated from equation (1)
[Birdsell et al., 2015] where Af is fracture area, which is on the order of 106 m2 and is assumed to be created
instantaneously; A depends on shale permeability, fluid viscosity, capillary pressure-relative permeability-
saturation relationships, and initial fluid saturation; and t is the time since imbibition began.

Qcum54Af A
ffiffi
t
p

(1)

Relative permeability (kr) is a function of fluid saturation that ranges from zero to unity. When a nonwetting
phase is present in the porous medium, occupies some of the pores and reduces the water’s ability to flow
through those pores (0 < kr < 1). If the saturation becomes small enough that the water only exists in
small, unconnected pores (called the residual saturation), then no water flow will occur (kr 5 0). One simple
way to model relative permeability effects in a single-phase numerical model is to specify a saturation and
apply the associated relative permeability across the associated region. In the context of HF fluid migration,
relative permeability can reduce the ability of HF fluid to move toward the well during the production stage
and out of the shale into overlying formations, as long as the shale remains unsaturated.

3. Salient Features of Major Shale Gas Plays

There is a large body of literature on the characterization of major shale gas plays. U.S. Department of Energy
[2009] Exhibit 11 has characteristics from the most active shale gas plays across the U.S. and Exhibit 31 con-
tains a map of depths to the bottom of drinking water aquifers and shale gas reservoirs. Gassiat et al. [2013,
Table 1] compiled a number of parameters from the Utica in Quebec, the Marcellus in New York and Penn-
sylvania, the Barnett in Texas, and world-wide averages for shale gas formations. Lange et al. [2013] provides
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detailed hydrogeological information about unconventional gas reservoirs and the major overlying forma-
tions in the Lower Saxony Basin and the M€unsterland Cretaceous Basin in Germany. Fisher and Warpinski
[2012] show fracture height data and depth to drinking water for thousands of fracturing treatments in four
major shale plays. We expect that the separation distance between the aquifer and the reservoir will affect
HF fluid transport to aquifers since Reagan et al. [2015] show that it affects gas transport to aquifers. In the
following subsections, we highlight characteristics of the Marcellus shale and other U.S. shale plays relevant
to the present discussion, including geology, depth to shale reservoirs, and separation distances between
shale reservoirs and drinking water.

3.1. Marcellus
The Marcellus shale is probably the most well-characterized shale gas reservoir in the literature. It is a black
shale belonging to the Middle Devonian epoch that runs from Central and Western New York through
Pennsylvania and into West Virginia and eastern Ohio [Engelder et al., 2009; U.S. Department of Energy,
2009]. It is overlain by the Mahantango formation and the Tully Limestone in the Middle Devonian and the
Brallier formation, the Lock Haven formation, and the Catskill formation in the Upper Devonian [Molofsky
et al., 2011]. The overlying formations in both the Middle and Upper Devonian contain a mixture of sand-
stone, siltstone, mudstone, limestone, and shale. The permeability and porosity vary greatly from strata to
strata. A recent comment suggested that an appropriate equivalent effective permeability for all formations
between a typical shale gas formation and the deepest freshwater aquifer would be 10218–10217 m2

[Flewelling and Sharma, 2015]. In the Fifth Elk sandstone in the Lock Haven formation, the porosity is 0.069–
0.16, which is typical of Upper Devonian sandstones in the Central Appalachian basin [Laughrey et al., 2004].

Could a permeable pathway exist from the Marcellus to an overlying drinking water aquifer? There were
�10; 000 wells drilled into the Marcellus as of 2012 and as many as 80,000 could eventually be drilled
[Downing, 2012; Beauge, 2013]. Each one of these wells has a small chance of providing a connected path.
Additionally, some combination of fractures, faults, joints, and wells could potentially act as a permeable
pathway between the Marcellus and a shallower drinking water aquifer. The deepest historic gas shows
in Northeastern Pennsylvania are in the Lock Haven formation according to Molofsky et al. [2011]. How-
ever, there are >180,000 wells in Pennsylvania whose depths are unknown [Davies, 2011]. Distances
between the bottom of the Lock Haven and the Marcellus are �1000 m [Molofsky et al., 2011, Figure 2b].
A large induced hydraulic fracture in the Marcellus can extend �450 m above the top of the Marcellus
[Fisher and Warpinski, 2012]. That leaves approximately 550 m between the top of the induced hydraulic
fracture and the bottom of a well in the Lock Haven. It may be possible for additional joints or faults to
connect the intermediate 550 m between a runaway fracture and a Lock Haven well.

Water content and overpressure affect imbibition and the upward flux of HF fluid. Brine saturation is in the
range of 0.05–0.6 (median 0.23) in most of the Marcellus, but in some sections can approach full saturation
[Engelder, 2012; Engelder et al., 2014]. Imbibition will not occur at full saturation [Birdsell et al., 2015]. The
Utica shale, which underlies the Marcellus, and the northern part of the Marcellus are overpressured [Gassiat
et al., 2013].

3.2. Notable Features of Other U.S. Shale Plays
The other U.S. shale plays generally share similar characteristics with the Marcellus, but this paragraph notes
any attributes of other plays that are expected to influence the chances of HF fluid migration toward aqui-
fers. The Antrim and Barnett shales have been extensively targeted, with more than 9000 and 10,000 wells

Table 1. Summary of Important Aspects of Previous Modeling Studies

Author
Injection and

Production Driving Force for Flow Buoyancy Imbibition Fluid

Myers [2012a] Yes Dh imposed at boundaries No No HF Fluid
Kissinger et al. [2013, Scenario 1] Injection DP from injection Yes No HF Fluid
Kissinger et al. [2013, Scenario 2] No P from artesian aquifer Yes No HF Fluid
Kissinger et al. [2013, Scenario 3] No Flux from reservoir Yes Yes Gas
Gassiat et al. [2013] No Reservoir Overpressure Yes No HF Fluid
Reagan et al. [2015] Production Buoyancy and well(s) Yes Yes Gas
Our model Yes Dh imposed at boundaries Yes Yes HF Fluid
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drilled into the formations, respectively
[U.S. Department of Energy, 2009], and
the Antrim shale has a natural fracture
network [Curtis, 2002]. The Eagle Ford,
Woodford, and Barnett shales all have
a smaller fraction of out of formation
fractures and generally smaller fracture
heights than the Marcellus [Fisher and
Warpinski, 2012]. Hydraulic fractures in
the Barnett grow in a complex rather
than a planar manner [King, 2014],
which could explain why they tend to
propagate over smaller vertical distan-
ces than the fractures in the Marcellus.
The Woodford is most notable for its
complex geology which includes fault-
ing and steeply dipping bedding
planes [Fisher and Warpinski, 2012]. The
New Albany, Antrim, Fayetteville, and
Eagle Ford all have regions that are
�1000 m deep [U.S. Department of
Energy, 2009]. The separation distances
between the top of the shale and the
bottom of the aquifer are especially
small in the New Albany and the

Antrim (30–490 and 90–580 m, respectively) [U.S. Department of Energy, 2009]. The Bakken, New Albany,
and Antrim plays are all expected to have less HF fluid sequestered by imbibition because of the higher
ratio of oil to gas in the reservoir for the Bakken shale [Birdsell et al., 2015] and because of the higher water
saturation implied by the large amounts of produced water in the New Albany and Antrim shales [U.S.
Department of Energy, 2009]. The Niobrara, in the Denver-Julesburg Basin, is overlain by the thick (>1.5 km)
[Scott and Cobban, 1965; Robson and Banta, 1995], low-permeability (10220 < k < 10218 m2) [Neuzil, 1994]
Pierre shale. This low-permeability overburden is expected to reduce the chance of upward fluid migration.

4. Summary of Previous Modeling Studies

Several numerical modeling studies have investigated the prospects for vertical HF fluid migration [Myers,
2012a; Gassiat et al., 2013; Kissinger et al., 2013]. All of them employed more or less the same basic aspects
of the conceptual model shown in Figure 2, including a deep shale reservoir from which a numerical tracer
representing HF fluid can migrate, a shallow drinking water aquifer, some source of increased hydraulic
head (h) or pressure (P) near the bottom of the domain, a region where permeability is enhanced due to
fracturing, and an overburden that may have a permeable pathway through it. However, there are different
boundary and initial conditions, porous media properties, mechanisms that drive flow, and depths of geo-
logic layers. These differences lead to different results. In addition to the models of HF fluid migration, some
papers on natural gas migration models are discussed since many of the migration processes are similar.
For example, gas originates in the shale layer and may migrate toward overlying aquifers. Buoyancy, multi-
phase flow effects, and groundwater flow can all affect gas migration. Table 1 has a summary of the domi-
nant processes captured in previous models.

Simulations by Myers [2012a] of HF fluid transport toward overlying aquifers are based on the Marcellus
shale. The main driver of upward flow was a vertical hydraulic head gradient represented using a higher
head specified at the bottom boundary than at the top boundary. In some of his scenarios, he simulated
the injection of HF fluid, which increases the head in the subsurface and acts as another driving force for
upward flow. In these scenarios, Myers [2012a] includes a 60 day flowback period, during which 20% of the
injected volume is removed from the domain by a well sink term. The 20% volume removal is a prescribed
quantity rather than being calculated based on physical processes. The distance between the aquifer and the

Figure 2. A cross-section schematic of our model (not to scale), which shares
many aspects of previous conceptual models [Myers, 2012a; Gassiat et al., 2013;
Kissinger et al., 2013]. The blue region at the top indicates the drinking water
aquifer; the light brown indicates overburden and underburden. The gray indi-
cates the shale gas unit. Red outlines indicate the simulated domain. The black
line within the shale indicates the horizontal wellbore. Above and below the hori-
zontal wellbore are orange regions that indicate where imbibition occurs. The
green box indicates the region over which HF affects permeability. The vertical
permeable pathway extending from the top of the shale to the bottom of the
aquifer is shown with a solid black line. In different scenarios, this pathway repre-
sents a fault or wellbore pathway.
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shale reservoir is 1500 m, and the shale, overburden, and permeable pathway properties (which are varied by
several orders of magnitude in a sensitivity analysis) largely govern the results. Myers [2012a] concluded that
there are increased fluid fluxes and decreased travel times to the aquifer after HF. His modeling results suggest
that travel times may be as low as tens of years through an intact overburden or even less through a permea-
ble pathway. The main critiques of Myers [2012a] were the neglect of buoyancy and multiphase flow effects
such as imbibition, his choice of boundary conditions to represent a regional discharge zone (which forced
flow to only go upward), and the choice of porous media and fault properties in his models [Saiers and Barth,
2012; Cohen et al., 2013], many of which he further clarified or addressed [Myers, 2012b, 2013].

Kissinger et al. [2013] presented three scenarios which address local, short-term HF fluid, and brine migration;
regional long-term (30 years) HF fluid and brine migration; and local, long-term (100 years) methane migration
in the German states of North Rhine-Westphalia and Lower Saxony. Scenario 1 assumes an increase in pressure
at the top of a shale reservoir during injection of HF fluid (lasting 2 h) and tracks the HF fluid plume upward
from the top of the shale for a total of 12 h to assess how high the pressure transient can push the plume. Sce-
nario 2 assumes that some amount of HF fluid has reached an intermediate, saline, artesian aquifer near a fault.
Based on the larger hydraulic head in the artesian aquifer, the plume of HF fluid has the potential to move
upward. Scenario 3 is set up similarly to Scenario 1, except that there is a constant flux of free-phase methane
(rather than a prescribed pressure) out of the top of the shale reservoir and it is a two-phase model (brine and
gas). A no-flux boundary condition is used for a large portion of the bottom of the domain in Scenarios 1 and 3
and for the entire bottom of the domain in Scenario 2 based on the assumption that the underlying formation
is relatively impermeable. In all three cases, buoyancy is accounted for, which is based on salinity in Scenarios 1
and 2 and based on assuming methane acts as an ideal gas in Scenario 3. Modeling results for Scenario 1 con-
strain the short-term upward movement of HF fluid to at most �50 m. Results for Scenario 2 suggest that HF
fluid can reach the overlying aquifer in concentrations that are 4000 times smaller than the initial concentration
under the most conservative hydraulic gradient and permeability assumed, if it has already escaped to the inter-
mediate, saline aquifer. In Scenario 2, the distance between the intermediate and shallow aquifer is �1300 m.
Two out of the ten simulations in Scenario 3 show that gas can reach the shallow drinking water aquifer (travel-
ing �1300 m), but the authors state that the results are not sufficient for a quantitative risk analysis due to the
high parameter uncertainty. Scenarios 1 and 2 did not account for the effects of imbibition or well production.

Gassiat et al. [2013] simulated the 5000 year response of HF fluid transport due to fracturing of an overpres-
sured reservoir. They employed a generic conceptual model based largely on data from the Utica shale in the
St. Lawrence lowlands in Quebec, Canada with some features inspired by the Marcellus and the Barnett. The
distance between the shale unit and the aquifer was �2000 m, and the overpressure in the reservoir ranged
from 6 to 12 MPa in different scenarios. They specified a no-flux boundary condition at the bottom of the
domain. When the increase in permeability due to hydraulic fracturing occurs, the overpressure in their model
pushes fluids upward through a fault/overburden. Buoyancy is an additional driving force for upward flow. In
the worst-case scenario, contaminants from the shale were predicted to reach the shallow aquifer in less than
1000 years at 90% of their initial concentration. They acknowledged the following limitations of their model:
(1) it is a single-phase model that cannot account for capillary mechanisms such as imbibition; (2) it is two
dimensional, which produces behavior corresponding to a fault that is infinitely wide in the third dimension;
(3) it assumes that the increased permeability in the hydraulically fractured zone persists for 5000 years, which
neglects mechanical closure of fractures and healing by mineral precipitation; (4) well operations such as
injection and production were not accounted for because they are relatively short compared to the 5000 year
time scales; and (5) recharge rates and salinity profiles did not necessarily match those observed in the St.
Lawrence lowlands [Gassiat et al., 2013]. Flewelling and Sharma [2015] additionally pointed out that: (1) a fault
which goes through the shale reservoir would likely release any overpressure that builds up in the shale reser-
voir; (2) fault orientation would become more horizontal at shallow depths, causing it to terminate below the
aquifer; and (3) that overpressure in the gas phase within the reservoir may not translate into overpressure in
the liquid phase above the reservoir (and thus no driving force would exist outside of the reservoir). In
response, Gassiat et al. [2013] pointed out that simulated overpressure exists for long periods of time near the
fault in the initialization stage of their simulation [Lefebvre et al., 2015].

Reagan et al. [2015] presented a full two-phase (gas and brine) model that focuses on short-term, �2 year,
gas migration. They used a hydrostatic initial condition and consider either a wellbore or a fault as the per-
meable pathway. Buoyancy of free-phase natural gas and suction applied to a vertical well in the shallow
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aquifer and/or a horizontal well in the shale reservoir provide driving forces for upward or downward flow.
They observe that well operations and imbibition have a large influence on how much gas can reach the
overlying aquifer. In some cases, gas that has escaped the shale reservoir can be dissolved and returned to
the reservoir by water that is flowing downward to the shale reservoir under the influence of the horizontal
well suction and imbibition. Reagan et al. [2015] do not focus on long-term migration of HF fluid, but their
simulations do include many of the important aspects of HF fluid migration (e.g., multiphase flow effects,
buoyancy, and well production).

All of the aforementioned studies employed very conservative assumptions (i.e., maximizing the prospects
for upward migration) and used a wide range of parameter values in their sensitivity analyses. For example,
these studies used conservative numerical tracers that did not degrade or sorb onto surrounding minerals,
and assumed the presence of a continuous permeable pathway between the shale reservoir and the aqui-
fer. This overpredicts the HF fluid concentrations that are seen at the aquifer. Much emphasis has been
placed on the worst-case scenarios in the above studies, although a majority of the simulations do not
result in aquifer contamination. In many cases, the critique of one HF fluid migration study also applies to
the other studies. For example, the critique that faults are unlikely to be oriented vertically at shallow
depths applies to all of the migration studies [Myers, 2012a; Saiers and Barth, 2012; Gassiat et al., 2013; Kis-
singer et al., 2013; Reagan et al., 2015].

5. An Expanded Model of Long-Term HF Fluid Migration

We build a generic numerical model of HF fluid transport, which includes a combination of mechanisms
that have not been previously combined. Injection, capillary imbibition, production, and buoyancy are all
accounted for. Sensitivity analyses allow us to investigate overpressure, permeable pathway parameters, rel-
ative permeability effects, and overburden properties.

Our generic model is based largely on the Marcellus shale. In our model, there is a shale layer located
1700 m belowground surface and 1500 m below the bottom of the freshwater aquifer. Many of the parame-
ter values used in our model are based on the Marcellus shale parameter values because they were either
the most readily available or because they were not very different from values reported for other shale gas
units in the United States. Applying this model to a particular site would require knowledge of the parame-
ters of interest (e.g., depth to aquifer, depth to shale, location and hydraulic properties of geologic layers,
capillary pressure-saturation and relative permeability functions for the reservoir, and the location or proba-
bility of potential permeable pathways).

An important aspect of our modeling approach is that the simulation takes place in five stages, each of
which has different boundary conditions and realistically represents important time intervals before, during,
and after the lifetime of a typical horizontal well. Special care is taken to represent the imbibition sink term,
the permeable pathway, the saline and fracturing fluid tracers, and permeability evolution during and after
the lifetime of a well. Furthermore, a number of metrics are used to quantify HF fluid migration. Simulations
are performed with the Finite Element Heat and Mass Transfer code (FEHM) [Zyvoloski et al., 1997].

5.1. Numerical Model
The cross-sectional schematic of our model is shown in Figure 2. It has a shale gas unit located 1700–
1730 m belowground surface (BGS); there is a freshwater aquifer from the surface to 200 m BGS. The water
is saline below 200 m and therefore has a larger density. There is a permeable pathway that extends from
the top of the shale to the bottom of the freshwater aquifer through a homogeneous, moderate-
permeability overburden layer. This is a hypothetical generic permeable pathway that could represent a
wellbore, a fault, a natural fracture, a joint, or some combination thereof. The likelihood of such permeable
pathways has been debated (see sections 2.2 and 4) [Engelder, 2012; U.S. Environmental Protection Agency,
2012; Warner et al., 2012a, 2012b; Gassiat et al., 2013; Ingraffea et al., 2014; Flewelling and Sharma, 2015;
Lefebvre et al., 2015]. The inclusion of the permeable pathway in our model allows us to illustrate behavior
in an extreme end-member scenario, which is similar to the conservative assumptions employed in previous
modeling studies. A 500 m long horizontal wellbore section sits in the middle of the shale gas unit. Imbibi-
tion is assumed to occur where fluid-filled induced hydraulic fractures are in contact with unsaturated shale
but not above or below the shale since the adjacent formations are assumed to be saturated as shown in
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Figure 2. Permeability is affected by
induced fracturing in a three-
dimensional region near the horizontal
wellbore based on fracture height (H),
a measure of the distance between the
top of the fracture and the horizontal
wellbore, and half-length (Xf), a mea-
sure of the horizontal distance from
the wellbore to the end of the fracture
tip in the x direction and y direction in
Figure 2. Fracture heights have been
estimated using microseismic data
[Fisher and Warpinski, 2012], and they
tend to extend farther upward than
downward due to the lithostatic pres-
sure gradient [Warner et al., 2012b].
Therefore, we assume that the frac-
tured region extends upward from the
wellbore to a distance H, and below
the wellbore to a distance H=2. Half-
lengths have been estimated using a
combination of microseismic data and
numerical modeling [Cipolla and Wal-
lace, 2014].

The numerical model grid and the
approximate locations of the horizontal
wellbore and the permeable pathway
are shown in Figure 3. The aquifer from

0 to 200 m BGS is not explicitly simulated. Instead, the top of the domain is at the bottom of the aquifer so
that any HF fluid that exits the top of the domain is assumed to reach the aquifer. To track HF fluid, a con-
servative numerical tracer is used. This approach is akin to following the transport of HF fluid chemicals
under the assumption that they do not degrade or sorb. Additionally, the numerical model extends 470 m
below the bottom of the shale so that the effect of well operations and imbibition do not propagate to the
lower boundary of the domain. The top and bottom of the domain have prescribed pressure boundary con-
ditions while the sides of the domain have no-flux boundary conditions. The horizontal wellbore is at
x 5 2000 m, 1750 � y � 2250 m, and z 5 21715 m. Imbibition takes place over the region defined by 2000
2Xf < x < 20001Xf m, 17502Xf < y < 22501Xf ; 21730 < z < 21716, or 21714 < z < 21700 m, and
the region over which fracturing influences the permeability is 20002Xf < x
< 20001Xf ; 17502Xf < y < 22501Xf ; 217152ðH=2Þ < z < 217151H. The permeable pathway exists on
y 5 2083 m, 21700 � z � 200 m, with x centered at 2000 m and the width depending on the permeable
pathway scenario. Model parameters including H and Xf are shown in Table 2.

5.2. Five Stages of Simulation
Each simulation consists of five separate stages to represent predrilling steady state, injection of fracturing
fluids, shut-in period, production, and the continued migration of fracturing fluids after the well is plugged
and abandoned (P&A). Stage 1 lasts 200 years and allows the pressures and fluxes to come to the prefrac-
turing steady state based on the specified pressure boundary conditions at the top and the bottom of the
domain (which represents a regional discharge zone). The steady state solution acts as the initial condition
for the hydraulic fracturing simulation. We confirmed that 200 years was long enough to approach steady
state by observing very minimal changes in the pressures and fluxes between a 200 year Stage 1 and a
1200 year Stage 1. Stage 2 lasts for 2.5 days and involves the injection of �113106 kg of fracturing fluid
with a specified pressure boundary condition of 35 MPa (which is 83% of lithostatic pressure assuming over-
burden density of 2500 kg/m3) in the wellbore nodes. Since Stage 2 represents the creation of hydraulic
fractures, the permeability near the well is enhanced. Stage 3 is a 5 day long shut-in period. No fluid is

Figure 3. Numerical model and grid used for simulation. The cutaway shows that
there is a finer discretization near the horizontal wellbore and near the permea-
ble pathway. The well is located at x 5 2000 m, 1750 m � y � 2250m, and
z 5 21715 m. The permeable pathway is located at x 5 2000 m, y 5 2083 m,
21700 m � z � 2200 m.
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allowed to leave or enter the
domain via the horizontal
wellbore, but imbibition
takes place within the shale
above and below the hori-
zontal wellbore. Imbibition is
treated as a specified volu-
metric sink term that is dis-
tributed across all of the
imbibition zone nodes, which
is justified by the nonplanar
branched structure of
induced fractures [Fisher and
Warpinski, 2012]. Stage 4 rep-
resents a 20 year production
duration with a specified
pressure boundary condition
in the horizontal wellbore
nodes. The specified pressure
is below the steady state
pressure prior to drilling and
represents a suction applied
to the well; large amounts of
fluid and tracer are removed
during this stage. The operat-
ing lifetime of modern, hori-
zontal, fractured wells is still
somewhat unknown since

most are less than 10 years old. Additionally, many are refractured after 4–5 years [Moniz et al., 2011]. There-
fore, we believe that a 20 year production lifetime is justified and is a conservative assumption for predict-
ing HF fluid migration to the aquifer (a 30 year production will remove even more HF fluid tracer from the
subsurface via the well). During Stage 4, the permeability near the wellbore decreases (but is larger than
prior to fracturing) as the hydraulic fracture apertures decrease under lower pore pressure. Stage 5 lasts for
980 years (i.e., to 1000 years from the injection of fracturing fluid). The well is shut-in so no fluid leaves or
enters the domain via the well nodes, and the fracturing fluid plume is allowed to migrate. The five stages
of simulation are summarized in Table 3.

5.3. Treatment of Imbibition, Permeable Pathway, Numerical Tracers, and Fractured Permeability
5.3.1. Imbibition
Since our model focuses on the potential of HF fluid to reach an aquifer, we model imbibition as a sink term
in a single-phase model. Computationally, this is much less expensive than employing a multiphase model
which would need to resolve capillary pressure gradients and imbibition fronts on the range of millimeters

while simulating overall domain sizes
on the range of kilometers. Strictly
speaking, imbibition occurs across
fracture surfaces in complex fracture
networks, suggesting that accurate
multiphase flow models may need to
employ dual continuum rather than
equivalent porous medium
approaches. We believe that repre-
senting imbibition as a sink term is a
useful approximation given the large
uncertainties in fracture areas and
geometries. The representation of

Table 2. Model Parameters for Base Case Scenario

Parameter Valuea Unit

Permeable pathway
permeability

8:3310211 (1:031021726:7310210) m2

Well suction 5 (no flow allowed out of well, 10) MPa
Overpressure 0 (1, 3, 6) MPa
Permeable pathway widthb Mixed (1, 10) m
Imbibition rate parameter (A) 4:531024 (0.0, 1331024) m d21=2

Permeability of fractured
shale during stages 4,5c

1:0310217 (1:0310219–5:0310218) m2

Overburden permeabilityd 1:0310217 (3:6310218; 1:0310216) m2

Permeable pathway geometrye Linear (branching, circuitous) [m2]
Permeable pathway porosity 0.01 (0.001, 0.05)
Maximum density

contribution of salinity
250 kg/m3

Fracture height (H) 100 M
Fracture half-length (Xf) 180 M
Diffusion coefficient 1:031029 m2/s
Dispersivityf 1 m
Temperature

(assumed isothermal)
50 8C

Shale porosity 0.01
Overburden porosity 0.05

aBase case parameters are displayed. If applicable, other values investigated in the sensi-
tivity analysis are shown in parenthesis.

bThe mixed width permeable pathway is 10 m wide for 500 m and 1 m wide for 1000 m
(section 6.2.4).

cSee Table 4 and section 6.2.6 for more detail.
dThe permeabilities in parenthesis are assigned for different layers in the ‘‘Heterogeneous

Overburden’’ scenario (section 6.2.7).
eA description of the idealized pathway geometries is in section 6.2.8.
fDispersivity is assumed to be isotropic for convenience, but simulation results are largely

insensitive to diffusion/dispersion.

Table 3. The Five Stages of Simulation

Stage Stage Name Duration Description

1 Initial condition 200 years Prefracking
steady state

2 Injection 2.5 days Injects 113106 kg
of fluid at 35 MPa

3 Shut-in 5 days Imbibition occurs,
pressure dissipates

4 Production 20 years Suction applied on
wellbore to remove
fluids

5 Continued
migration

980 years Well is plugged and
abandoned, plume
migrates
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imbibition as a sink term also captures the influence of the most significant multiphase flow process within
the framework of a single-phase flow model. The low and high-imbibition scenarios in this study corre-
spond to the low-permeability and high-permeability shale samples in Birdsell et al. [2015]. Using an initial
saturation in the range of 0.05–0.6 reported for the Marcellus [Engelder et al., 2014], values of A are 4:53

1024 and 1331024 m d21=2 for low and high-permeability shales, respectively. We assume 106 m2 of frac-
ture area is created at the end of the injection stage [Birdsell et al., 2015] and is distributed evenly within the
fractured region of the shale. The volume of fractured shale is �93106 m3, and the specific fracture surface
area is �0.1 m2 fracture area per m3 fractured shale volume. This specific fracture surface area is used in the
representation of the imbibition sink term within each grid block of the hydraulically fractured zone such
that Af in each grid block is the volume of the grid block multiplied by the specific fracture surface area
(equation (1)). So imbibition is assumed to occur not in the entire grid block but across an assumed fracture
surface area within a grid block.
5.3.2. Permeable Pathway
The gridding, permeability, and porosity of the permeable pathway deserve special attention to correctly
calculate both the fluid and tracer fluxes. We assume an open space that is 1 m wide with an aperture of b.
This could approximately represent either a highly permeable preferential flow path within a fault zone
[Fairley et al., 2003] or a microannulus of radius 16 cm going around the full circumference of either the
cement/casing interface or the cement/caprock interface [Viswanathan et al., 2008]. Wider permeable path-
ways, such as faults, joints, or fractures, are represented using multiple permeable grid blocks. The permea-
ble pathway is assumed to extend vertically from the top of the shale to the bottom of the aquifer. The grid
block that the permeable pathway sits in has dimensions of 1 m 3 1 m in the x and y directions. The perme-
ability assigned to the grid block must result in the correct flux. The permeability of the fracture is calculated
using the cubic law [e.g., Zimmerman and Bodvarsson, 1996]. Strictly speaking, b may be viewed as the
hydraulic aperture. This is combined with the permeability of the matrix, and the effective vertical perme-
ability (kze) is shown in equation (2) where km is the matrix permeability and Dx51 m is the grid spacing:

kze5
b3

12Dx
1

Dx2b
Dx

km (2)

Porosity can be calculated as flow-weighted porosity or volume weighted porosity. Flow-weighted porosity
(/fw ) follows equation (3) below assuming that fracture flow is much greater than matrix flow and that the
porosity in the fracture is /f taken as 1. The volume weighted porosity (/vw) is shown in equation (4) where
/m is the matrix porosity. The flow-weighted porosity will capture solute transport correctly at early times
and the volume weighted porosity will capture solute transport at later times (when matrix diffusion effects
are significant). The flow-weighted porosity is 0.001 for a 1.0 mm fracture aperture, while the volume
weighted porosity is close to 0.05. Furthermore, there is a gradual time variation from /f to /fw of the effec-
tive porosity that controls the instantaneous effective velocity [Bloechle, 2001]. Therefore, we use an inter-
mediate porosity of 0.01 in the fracture for the base case and vary porosity in sensitivity analyses. This
discussion of flow-weighted and volume-weighted porosity and the cubic law to assign permeability is
intended to inform the representation of a fracture within a numerical grid without using an extremely fine
(�1 mm) grid that resolves physical dimensions of the fracture aperture [Chaudhuri et al., 2013].

/fw5
b/f

Dx
(3)

/vw5
/mðDx2bÞ1b/f

Dx
(4)

5.3.3. Numerical Tracers
Two numerical tracers are used in this simulation. The first is a brine tracer that mimics various salts (e.g.,
Na1, Ca21, and Cl2) and is used to influence density, and the second is the HF fluid tracer that is used to
track the migration of the HF fluid chemicals. Initially, the brine tracer exists everywhere within the domain
at a concentration of 350 g/L, which is a conservative assumption that favors upward HF fluid migration,
since reported salinity is �250 g/L [Warner et al., 2012b]. Density increases linearly with salt concentration
[Simmons et al., 2001] and 350 g/L results in an increased fluid density of about 250 kg/m3. As the simulation
progresses, any inflow from the bottom boundary will also have a brine tracer concentration of 350 g/L,
ensuring the domain remains saline. The fracturing fluid tracer is injected during hydraulic fracturing

Water Resources Research 10.1002/2015WR017810

BIRDSELL ET AL. SUBSURFACE FLOW MODEL OF FRACTURING FLUIDS 7172



(without any brine tracer) and does not affect the density of the injected fluid. Therefore, the injected fluid
will experience a buoyant force until it mixes sufficiently with the brine tracer fluid surrounding it. Both trac-
ers are assigned a diffusion coefficient of 1029 m2/s and a dispersivity of 1.0 m in the x, y, and z directions.
The results are not very sensitive to diffusivity or dispersivity values. Neither tracer is specified to sorb or
degrade, which will overpredict the amount of HF fluid tracer that reaches the aquifer, thus serving as a con-
servative assumption.
5.3.4. Fractured Permeability Evolution
The purpose of hydraulic fracturing is to alter the permeability of the producing formation so that more
hydrocarbons are produced; therefore, several permeability changes occur during each simulation. In this
paper, we do not consider a discrete fracture network within the shale; instead, we change the bulk perme-
ability to reflect the increase in overall permeability due to the creation of fractures. This is similar to the
stimulated reservoir volume (SRV) approach that is used for shale reservoirs in petroleum engineering
[Cipolla and Wallace, 2014; Mayerhofer et al., 2010]. Prior to hydraulic fracturing, the permeability of the
shale is 10220 m2, the permeability in the overburden and below the shale are 10217 m2, and the permeable
pathway permeability is 8:33310211 m2 (based on a 1 mm aperture fracture or gap within a 1 m 3 1 m
grid block cross-section area).

During injection, hydraulic fractures are formed, and the large fluid pressure holds the fractures wide open.
This results in a temporary and large increase in permeability; we assigned a permeability of 10214 m2 for
the fractured region. This permeability value allows the correct volume of fluid (�11; 000 m3) to be injected
over a 2.5 day duration at 35 MPa injection pressure (all of which reflect typical operating conditions for HF
stages). During shut-in, the pressure begins to dissipate within the formation but remains much larger than
during prefracturing conditions. Since the fractures will likely still be held wide open by this pressure, we
keep the fractured regions at the same high permeability. The pressure within the formation reduces sub-
stantially during production, and the fractures become considerably narrower. Even a propped fracture will
be narrower than it was under the pressure of the injection stage. The result of closing fractures is a reduced
permeability. Within the shale, the permeability is decreased to 10217 m2, which is 3 orders of magnitude
higher than the permeability in the prefractured state [King, 2012]. Within the fractured region above and
below the shale, the permeability is reduced to 10216 m2, which is 1 order of magnitude higher than the
permeability prior to fracking. The justification is that the permeability must be greater than it was prior to
fracturing even if the fractures are mostly unpropped above and below the shale region. After the well is
plugged and abandoned, during the continued migration stage, the permeabilities remain the same as dur-
ing the production stage. The permeability values used in the five stages of the base-case simulation are
shown in Table 4.

5.4. Metrics to Track HF Fluid Migration
There are a number of useful metrics that we employ in section 6 to track HF fluid migration including: (i)
the concentration of HF fluid at the top of the permeable pathway/the base of the aquifer, (ii) the magni-
tude and direction of vertical fluid fluxes, and (iii) the amount of numerical HF fluid tracer that has reached
the aquifer. The first metric, concentration of the HF fluid at the top of the permeable pathway, is useful for
identifying when HF fluid is contacting the aquifer, the concentrations that can be expected, and the lag
time between activity in or near the well (e.g., injection, imbibition, and production) and HF fluid migration
at the top of the pathway. The next metric, the magnitude and direction of the fluid fluxes, tell us when

flow is away from or toward the well
and the influence of various factors
on vertical fluxes (e.g., buoyancy, well
operations, and imbibition all affect
fluid fluxes but we do not know a pri-
ori which will have the largest effect).

The final metric, tracer to aquifer
(TTA), is a measure of the cumulative
amount of numerical HF fluid tracer
that has crossed from the domain
into the overlying aquifer as a per-
centage of the amount of tracer that

Table 4. Permeability (m2) Evolution During Simulation Stagesa

Stage Stage Name Fractured Shaleb
Fractured

Overburdenb

1 Initial condition 1 3 10220 1 3 10217

2 Injection 1 3 10214 1 3 10214

3 Shut-in 1 3 10214 1 3 10214

4 Production 1 3 10217 1 3 10216

5 Continued migration 1 3 10217 1 3 10216

aUnfractured shale, unfractured overburden, and permeable pathway perme-
ability are 1 3 10220, 1 3 10217, and 8:3310211 m2, respectively, for the full
duration of the simulation.

bRefers to the permeability in the region where fracturing takes place.
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was injected in Stage 2. It is difficult to report volumes of HF fluid that have reached the aquifer because HF
fluid mixes with brine in the subsurface; nevertheless, TTA is a good proxy metric for the percent of HF fluid
that reached the aquifer. We define TTA1000 as the TTA 1000 years after HF. Previous modeling studies have
included water well operations and/or flow fields in the aquifer [Gassiat et al., 2013; Reagan et al., 2015] and
shown that it is possible for fluids to flow down the permeable pathway from the aquifer [Reagan et al.,
2015]. This downward flow would depend on a number of parameters related to the horizontal O&G well
and nearby drinking water well(s) that influence the flow field within the aquifer. If the permeable pathway
were to intersect the aquifer in the vicinity of active drinking water wells, the HF fluids entering the aquifer
may migrate away from the permeable pathway and enter the wells. On the other hand, if the permeable
pathway intersects the aquifer far away from the pumped wells, HF fluids could flow back down the perme-
able pathway. Since this distinction would require additional parameters to be varied, we employ TTA as a
conservative metric of HF fluid reaching the aquifer and do not consider the influence of the flow within
the aquifer.

6. Results

6.1. Base Case Scenario
The base case scenario favors upward fluid migration and is not the most likely reflection of reality for the
majority of HF operations. The base case scenario uses the lower estimate of imbibition (A54:531024 m
d21=2) and moderate suction (pressure is 5.0 MPa below the prefracturing pressure at the wellbore). Frac-
tured shale permeability to water is taken as 1310217 m2 rather than being reduced by a relative perme-
ability factor during Stages 4 and 5. To simulate buoyancy, the injected fracturing fluid density is specified
as q �1000 kg/m3. A permeable pathway is assumed to extend from the top of the shale to the bottom of
the overlying aquifer, with k58:3310211 m2 (b 5 1 mm) and widths of 10 m for the lowest 500 and 1 m for
the upper 1000 m. These parameters were chosen for the base case because they highlight a number of
important physical effects, and provide a good starting point from which parameters can be perturbed in a
sensitivity analysis.

The slice plots in Figures 4a–4d show the location of the HF fluid plume at the end of Stages 2–5, respec-
tively. At the end of Stage 2 (injection), the plume is located mostly near the shale reservoir with a very
small amount of fluid moving up the permeable pathway. By the end of Stage 3, imbibition has decreased
the concentration of the mobile HF fluid in the shale and has reduced the fluxes and concentrations in the
permeable pathway. The amount of HF fluid that has reached the aquifer is negligible by the end of Stage 3
(TTA 5 0.04% of what was injected). By the end of Stage 4, the well production has pulled HF fluid down
and out of the permeable pathway and significantly reduced the concentrations of HF fluid within the shale
reservoir. By the end of Stage 5, the plume in the deep subsurface has spread out, and with no sink term to
advect fluid toward the well, HF fluid has migrated up the permeable pathway. Outside the permeable
pathway, the highest location at which HF tracer concentrations are above 0.1% of the injected concentra-
tion are z 5 21660 m and z 5 21630 m after 20 and 1000 years, respectively. This tells us that with an intact
overburden (k51310217 m2), the extent of upward migration of HF fluids is on the order of only 100 m
even after 1000 years. We confirmed this in another simulation with no permeable pathway.

The normalized HF fluid concentration and the vertical fluid flux at the top of the permeable pathway (i.e., the
bottom of the aquifer) are plotted as a function of the logarithm of time in Figures 5a and 5b, respectively. In
order for HF fluid to enter the aquifer, the concentration must be greater than zero and the flux must be
upward. There are two time periods when HF fluid enters the aquifer. The first time period of HF migration
into the aquifer occurs in Stages 2, 3, and the early years of Stage 4. Injection causes upward fluid fluxes in
the permeable pathway, bringing HF fluid to the base of the aquifer. Imbibition and well suction decrease the
magnitude of upward fluxes and HF fluid concentration at the top of the permeable pathway. After �1.5 years
the concentration of HF fluid is zero and the fluid fluxes are downward, and no more HF fluid reaches the
aquifer during Stage 4. More HF fluid begins to enter the aquifer �8 years after the end of production. By
�100 years after the end of production, the concentration and the upward fluxes have both plateaued to
small values, which last until the end of the simulation. Even though we do not explicitly simulate the aquifer,
the concentrations of HF fluids chemicals that would be observed at monitoring wells in the aquifer would
likely be very small. First, the peak concentration that occurs at the end of Stage 2 lasts for a very short
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duration. Second, as HF fluid moves through the aquifer it will dilute further from its concentration at the top
of the permeable pathway. And finally, the concentration of chemicals in HF fluid is low upon injection (with
normalized HF fluid concentration 5 1.0) so further dilution results in very low concentrations.

The injection of HF fluids causes fluid fluxes away from the wellbore, and well production reverses the direc-
tion of these fluxes. Figure 6a shows that these fluxes are relatively small where the overburden is intact.
Within the permeable pathway above the shale, the fluid fluxes are upward and large in magnitude during
injection and shut-in; they are downward and smaller in magnitude by the end of production (Figure 6b).
The response of fluxes to wellbore operations and imbibition are observed along the entire length of the
permeable pathway, which indicates that well operation and imbibition both directly influence the trans-
port of brines and hydraulic fracturing fluids. Figures 6c and 6d show the influence of the strength of

Figure 4. Slice plots of normalized HF fluid tracer concentration in the y-z plane at x 5 2000 m from the base case at (a) the end of injection, (b) the end of shut-in, (c) the end of produc-
tion, and (d) 1000 years after injection. Note: the color scales are different in each plot.
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imbibition on fluid fluxes (section 6.2.5). Imbibition has a strong influence on the flux distribution at the end
of Stage 3 (shut-in).

By a mass balance argument, all of the tracer that is injected during HF must fall into one of four categories:
(i) removed from the subsurface by the well, (ii) imbibed, (iii) reaches the drinking water aquifer, or (iv)
remains in the deep subsurface below the drinking water aquifer without being imbibed. After 20 years,
68% of the injected tracer is removed by the well, 13% is imbibed, 0.1% reaches the aquifer, and 19%
remains elsewhere in the subsurface (see Figure 7). In the fifth stage of simulation, no more tracer can be
imbibed or removed by the well; it can only migrate between the deep subsurface and the aquifer. TTA is
shown as a function of time for 1000 years in Figure 8 for the base case and the most sensitive scenarios.
Note that larger amounts of HF fluids reach the aquifer in Stage 5 due to its long duration despite the lower
concentration at the top of the permeable pathway compared to Stage 2 (Figure 5). The scenarios that favor
larger TTA tend to involve neglecting a sink term, like well suction and/or imbibition. In contrast, removing
the permeable pathway from the simulation results in zero TTA.

6.2. Sensitivity Analysis
We perform a sensitivity analysis on variables associated with the permeable pathway, the sink terms, the basin
characteristics, and buoyancy. The location of the HF fluid tracer after 1000 years (i.e., aquifer, imbibed, removed
by well, or in the deep subsurface) is shown in Figure 9, and the amount of TTA at the end of each simulation
stage is shown in Figure 10 for all sensitivity scenarios. Usually, only one parameter is changed and all the other
remain at the base case value, but in some instances, marked with a diamond (�) in Figures 9 and 10, more
than one parameter is changed from the base case to highlight a specific feature or scenario. The permeable
pathway variables include the geometry of the pathway (linear, branching, or circuitous), b (which affects per-
meability), /, the width, and permeability heterogeneity. The sink terms include well operations and the level of
imbibition. The basin characteristics include the permeability of the fractured shale during production and con-
tinued migration, the heterogeneity of the overburden permeability, and the overpressure in the shale reservoir
at the beginning of injection. In the following subsections, we describe the influence of each parameter on
TTA1000, starting with the most sensitive parameters and going to the least sensitive.
6.2.1. Permeability of Permeable Pathway
The most important property of the permeable pathway is its permeability, which depends on b (see Fig-
ures 9a and 10a). The permeability assigned to the permeable pathway grid blocks in different scenarios
ranges from 10217 to 6:7310210 m2 for apertures of 0.0–2.0 mm (see equation (2)). For the scenario with no
permeable pathway, the permeability of the matrix (10217 m2) is assigned to the grid block. The equation

Figure 5. (a) Normalized HF fluid tracer concentration and (b) vertical fluid flux at the top of the permeable pathway (i.e., the base of the aquifer) as a function of the logarithm of time
since the beginning of injection for the base case scenario. Vertical dashed lines separate simulation stages. There is a short-lived time during injection, shut-in, and the beginning of pro-
duction during which concentration is elevated and fluid fluxes are upward. Then the well influence causes fluxes to be downward and reduces the concentration to zero about 2 years
into production. Fluxes become upward and concentration returns to a small value after production ceases. Data for this figure are found in supporting information Data Set S1.
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for effective permeability (keff) of flow perpendicular to multiple layers is shown below where Li and ki are
the length and permeability of the ith layer and n is the number of layers

keff 5

Xn

i51
LiXn

i51
ðLi=kiÞ

(5)

TTA1000 is very sensitive to permeable pathway permeability within the range of 8:3310214 to 8:3310211 m2

which corresponds to apertures of 0.1–1.0 mm (Figure 11). Below 0.1 mm, the permeability is very low and there
is essentially no connectivity between the reservoir and the aquifer. Above 1 mm aperture there is sufficient per-
meability that any increase in permeability does not significantly increase TTA1000. This is easily explained by
equation (5) if n 5 2, k1 and L1 are associated with the permeable pathway, and k2 and L2 are associated with
the shale reservoir; the limit as k1 approaches infinity is keff 5ðL11L2Þk2=L2, so there is a constant effective per-
meability between the shale and the aquifer as the permeable pathway becomes infinitely permeable. If there
is no permeable pathway (i.e., b 5 0), then no tracer reaches the aquifer regardless of any other simulation
parameters. In that sense TTA1000 exhibits the greatest sensitivity to the permeability of the permeable pathway.
6.2.2. Well Sink Term
During the production stage, suction is applied to the well as a constant pressure boundary condition. For exam-
ple, a 5 MPa suction will set the pressure in the wellbore nodes to 5 MPa less than the steady state pressure prior

Figure 6. The z direction (upward) fluid flux at the end of each stage of simulation (a) through the middle of the domain where most of the domain is relatively low permeability, intact
overburden, and (b) through the center of the permeable pathway. Figures 6a and 6b correspond to the base case scenario. The flux through the permeable pathway is also shown for
(c) a no imbibition scenario and (d) a high-imbibition scenario. The high-imbibition scenario involves a sink term large enough to cause a downward flux directly above the wellbore
while maintaining upward fluxes above z 5 21500 m. Data for this figure are found in supporting information Data Set S2.
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to injection. In the base case, 5 MPa of
suction is applied, in the high suction
case 10 MPa of suction is applied, and
in one other end-member case, there is
no flow out of the well during the ‘‘pro-
duction stage,’’ which essentially repre-
sents an extended shut-in period,
except that imbibition is discontinued.
In section 6.2.5, we show results for an
extended shut-in with imbibition. Suc-
tion is important in two ways. First, it
removes much of the tracer from the
subsurface so that less remains to
potentially migrate to the aquifer after
production ceases. Second, it reverses
the flow field and keeps much of the
tracer from migrating upward during
the production stage.

TTA is highly dependent on the suc-
tion applied to the well (see Figure
10b). If no flow is allowed up the
wellbore, then TTA1000 increases by a

factor of eight from 1.2% (base case) to >10% of the injected mass (see the ‘‘No Flow Out of Well’’ curve in
Figure 8). Increasing suction from 5 to 10 MPa decreases the TTA1000 significantly to 0.6%. Also affected is
the amount of tracer removed by the well. The ‘‘no flow out of well,’’ ‘‘base case,’’ and ‘‘high-suction’’ scenar-
ios remove 0%, 68%, and 78% of the injected tracer, respectively (see Figure 9b).

We have also simulated a ‘‘short production’’ scenario in which the production stage only lasts for 30 days.
This represents a well that is hydraulically fractured but is deemed to be uneconomical to produce after a
month of production. Far less HF fluid tracer is removed than in the base case (2.9%) and the pressure

remains large in and near the reser-
voir at the end of production, which
results in 9.5% TTA1000. If a permeable
pathway exists, the well sink term is
the most important parameter influ-
encing TTA.
6.2.3. Overpressure
We use two approaches to model
overpressure and subsequent produc-
tion. To the best of our knowledge,
there is little information in the litera-
ture on the specifics of well produc-
tion in overpressured reservoirs. For
example, are fluids allowed to flow to
the surface based on the high pres-
sure in the reservoir, or are large suc-
tions applied to the well to encourage
faster production than the overpres-
sure alone would allow? The literature
is also vague about whether overpres-
sure exists in the wetting or nonwet-
ting phase (section 2.1). We therefore
use two approaches to capture the full
range of the potential influence of
overpressure on HF fluid transport.

Figure 7. Time variation of the cumulative amount of HF fluid that is removed from
the subsurface by the well, is imbibed, reaches the aquifer, and remains unimbibed
in the deep subsurface, from the beginning of injection to the end of production.
By the end of production, the well removes 68% of the injected HF fluid tracer, 13%
of the tracer is imbibed, 19% remains in the deep subsurface below the aquifer,
and very little (�0.1%) reaches the aquifer. Data for this figure are found in support-
ing information Data Set S3.

Figure 8. Cumulative mass of tracer to aquifer (TTA, % of injected mass) as a func-
tion of time for various scenarios. Removing the well and imbibition sink terms
from the model results in the most TTA1000 (�12%), and removing the permeable
pathway results in 0.00% TTA1000. The effect of removing imbibition from the model
appears to be small because it occurs before well production that can effectively
remove unimbibed fluid. The combined influence of imbibition and well suction,
however, is highly significant as discussed in section 6.2.5. The ‘‘Extreme Overpres-
sure’’ curve corresponds to 6 MPa of overpressure followed by 5 MPa of suction.
Data for this figure are found in supporting information Data Set S4.

Water Resources Research 10.1002/2015WR017810

BIRDSELL ET AL. SUBSURFACE FLOW MODEL OF FRACTURING FLUIDS 7178



In both approaches to model overpressure and subsequent production, a specified amount of overpressure
(ranging from 1 to 6 MPa depending on the scenario) is added to the reservoir, which is shown conceptually
in the ‘‘Overpressure 1 Regional Discharge’’ curve in Figure 1. In reality, overpressure is sustained for geo-
logic durations of time. But for the purposes of modeling an overpressured reservoir, we add the pressure
at the end of Stage 1 to act as the initial condition for Stage 2. We add the overpressure at the end of Stage

Figure 9. The fate of HF fluid numerical tracer after 1000 years for various sensitivity analyses. ‘‘Aquifer’’ indicates the percentage that moved out of the top of the domain into the aqui-
fer (TTA1000), ‘‘Imbibition’’ indicates the percentage that has been imbibed by the imbibition sink term, ‘‘Well’’ indicates the percentage that has been removed from the domain via the
well, and ‘‘Remaining’’ indicates the percentage that remains unimbibed in the subsurface below the aquifer. The base case is denoted with an asterisk (*), and scenarios where more
than one parameter is different from the base case are marked with a diamond symbol (�). Data for this figure are found in supporting information Data Set S5.
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1 rather than at the beginning of Stage 1 so that the upward flow field can develop based on the boundary
conditions prescribed at the top and bottom of the domain (i.e., the flow field still acts like a regional dis-
charge zone above and below the shale reservoir at the beginning of Stage 2 until the overpressure in the
shale can affect the flow field). This allows for a more direct comparison between the overpressure scenar-
ios and the base case scenario than applying overpressure at the beginning of Stage 1. Furthermore,

Figure 10. The percent of the injected tracer that reaches the aquifer at the end of each simulation stage for various sensitivity analyses. The base case scenario is marked with an aster-
isk (*). A diamond (�) indicates that more than one parameter was changed from the base case. Stage 2 (injection) lasts 2.5 days, Stage 3 (shut-in) lasts 5 days, Stage 4 (production) lasts
20 years, and Stage 5 (continued migration) lasts 980 years. Note that the y axis ranges differ between plots; in most plots, the y axis ranges from 0 to �1:5%. Data for this figure are
found in supporting information Data Set S6.
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overpressure is generally viewed as a
transient phenomenon unless it is due
to topography [Osborne and Swarbrick,
1997; Deming, 2001]. Therefore, any
overpressured initial condition is an
artifact of modeling decisions and will
not necessarily reflect an overpres-
sured reservoir in the field any better
than the initial condition that adds
overpressure at the end of Stage 1. A
previous modeling study showed that
overpressure of >6 MPa could be sus-
tained for >100,000 years in a similar
shale reservoir (k51310220 m2) [Gas-
siat et al., 2013], which suggests adding
overpressure at the end of Stage 1 is
not drastically different than adding it
earlier. The overpressure is only added
to the shale reservoir and not to the
surrounding formations, which results
in discontinuities in the pressure profile
at the top and the bottom of the shale.

We acknowledge that this is not a perfect representation of overpressure, but it does offer insights into the
role that overpressure can play on fluid migration, while honoring the uncertainty in the literature about
production from overpressured wells.

In the first approach to model overpressure and subsequent production, the pressure in the well during
the production stage (which is a specified pressure boundary condition) is brought to the same value.
This value is equal to the pressure assigned in the base case scenario regardless of the amount of over-
pressure prior to production. In the second approach, the pressure in the well during the production
stage is decreased by the same amount (5 MPa) from the reservoir pressure prior to injection. We define
‘‘suction’’ as the difference between the pressure in the reservoir prior to injection (which is based on the
overpressure) and the specified pressure boundary condition applied to the well. Therefore, the first
approach to model boundary condition varies the amount of suction based on the amount of overpres-
sure, while the second approach to model overpressure always applies the same amount of suction (5
MPa).

The sensitivity of TTA to reservoir overpressure can be insignificant or highly significant depending on the
approach used to model overpressure and subsequent production. In Figure 9c, the x axis label contains
two numbers which describe how much overpressure was added at the end of Simulation Stage 1 and how
much suction was applied during production respectively (in MPa). The first three labels (1,6; 3,8; and 6,11)
correspond to the first approach to model overpressure and subsequent production, the middle label (0,5*)
corresponds to the base case scenario, and the final three labels (1,5; 3,5; and 6,5) correspond to the second
approach. Figure 10c labels overpressure and subsequent suction in a similar manner in the legend where
the first three entries correspond to the first approach to model overpressure and subsequent production,
the next entry is the base case, and the final three entries correspond to the second approach. With the first
approach, there is essentially no dependence on overpressure because the overpressure that exists during
the relatively short-lived injection and shut-in stages is removed quickly by the well suction in the produc-
tion stage; the ultimate TTA1000 is 1.2% for all scenarios using the first approach. With the second approach,
overpressure has two effects. First, it increases the gradient that pushes flow away from the well in the
injection and shut-in stages. More importantly, it decreases the amount of tracer removed by the well
because the suction applied by the well is less (i.e., the pressure in the well is higher for the second
approach than for the first approach). The scenario with 6 MPa of overpressure followed by 5 MPa of suction
(shown in the ‘‘Extreme Overpressure’’ curve in Figure 8) results in 9.7% TTA1000, almost the same TTA1000 as
the ‘‘No Flow Out of Well’’ scenario in Figure 8. This makes sense because very little tracer is removed by the
well (2.0%) in the ‘‘Extreme Overpressure’’ scenario.

Figure 11. The percent of fracturing fluid tracer logarithm the aquifer after 1000
years (TTA1000) as a function of the permeable pathway permeability. The aper-
ture (in millimeters) corresponding to each permeability value is indicated near
each point. TTA1000 is highly sensitive to the aperture in the range of 0.1–1.0 mm.
Data for this figure are found in supporting information Data Set S7.
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6.2.4. Permeable Pathway Width
Although not as important as its permeability, the width of the permeable pathway also plays an important
role. In the base case, the path is 10 m wide for 500 m directly above the shale and 1 m wide for the remain-
ing 1000 m to the aquifer. In alternative scenarios, the path is assigned to be ‘‘wide’’ or ‘‘narrow’’ (10 and
1 m, respectively) for the entire length from the top of the shale unit to bottom of the aquifer. A ‘‘wide’’ per-
meable pathway might correspond to a fault or fracture while a ‘‘narrow’’ permeable pathway might corre-
spond to a leaky wellbore.

The narrow path and the wide path result in 0.8% and 2.2% TTA1000, respectively. Interestingly, the wide
permeable pathway also allows for much more TTA at early times in the simulation compared to the base
case, although it is still a relatively small amount. Results are shown in Figures 9d and 10d.
6.2.5. Imbibition
Imbibition acts in a similar manner to well suction except that it is applied for a shorter duration and uses a
time-varying sink term rather than a specified pressure boundary condition. The specified imbibition sink
term [Birdsell et al., 2015] is based on the semianalytical solution of McWhorter and Sunada [1990] for one-
dimensional spontaneous imbibition (see section 2.3); it can be set to ‘‘no imbibition,’’ ‘‘low imbibition,’’ or
‘‘high imbibition’’ (A 5 0 m d21=2; A54:531024 m d21=2, and A51331024m d21=2, respectively) for a 5 day
shut-in period. We also simulate an extended, 180 days, shut-in period with the low value of A. Imbibition
affects both the amount of tracer that remains free (unimbibed) to move within the subsurface and the flow
field. Any discussion about the effects of imbibition should include a discussion about its relation to the pro-
duction stage since both imbibition and production affect tracer movement in a similar manner, and imbibi-
tion occurs first. Also note that imbibition affects the amount of flowback and produced water, but this study
focuses on tracking the HF fluid chemical tracer rather than volumes of HF fluid (see ‘‘TTA’’ in section 5.4).

On its own, imbibition makes a moderate difference in HF fluid transport. The TTA1000 is 0.9% and 1.5% for
the high-imbibition and no-imbibition scenarios, respectively (see Figure 10e); the ‘‘No Imbibition’’ scenario
is shown in Figure 8. This lower-than-expected sensitivity is because imbibition takes place in the same
vicinity as the horizontal wellbore and occurs before production. Therefore, if imbibition removes more HF
fluid (A51331024 m d21=2 instead of A54:531024m d21=2), then there will be less HF fluid remaining in
the capture zone of the horizontal well at the end of shut-in. In the ‘‘high-imbibition’’ scenario, the amount
of HF fluid that is imbibed is larger and the amount of HF fluid removed by the well is smaller than the
‘‘low-imbibition’’ scenario, resulting in only moderately less tracer that is free to migrate. As the amount of
imbibition increases, the total amount of tracer removed by the well plus the imbibition only increases
moderately, which is shown in Figure 9e.

Tracer transport is more sensitive to the cumulative influence of well suction plus imbibition. For example, if
the imbibition and well sink terms are both turned off, TTA1000 attains its highest value across all cases con-
sidered (12.3%, see the ‘‘No Flow Out of Well, No Imbibition’’ curve in Figure 8). Imbibition also influences
the nature of the flow field. Figure 6 shows that the fluxes at the end of shut-in (Stage 3) above the well are
upward without imbibition (Figure 6c), are upward but smaller in magnitude with low imbibition (Figure
6b), and are downward right above the well with high imbibition (Figure 6d), which indicates that imbibi-
tion may be strong enough to pull fluids from the overlying formation into the shale. Reagan et al. [2015]
also observed this effect. For the 180 day shut-in scenario, much more tracer is imbibed (53%) and slightly
less reaches the aquifer (TTA1000 5 1.0%) than in the base case scenario. Imbibition plays an important role
in the transport of HF fluid tracer, and its role becomes very significant in conjunction with well production.
6.2.6. Permeability of Fractured Shale (Production, Continued Migration Stages)
The effective permeability of the fractured shale during the production and continued migration stages is
uncertain for two reasons. First, fracture apertures decrease significantly as the pore pressure decreases
from approximately lithostatic during the injection stage to much lower pressures during the production
stage. Second, relative permeability may play a role in reducing the flow of HF fluid and brine toward the
well during the production stage and out of the shale formation during the continued migration stage. In
our base case scenario we set the fractured shale permeability to 10217 m2 [King, 2012], based on assumed
fracture apertures. In alternative scenarios we decrease the permeability by up to 2 orders of magnitude to
capture the plausible role of relative permeability effects.

Decreasing the fractured shale permeability decreases the amount of tracer removed by the well and has a
nonmonotonic effect on TTA1000. The amount of tracer removed by the well is 68%, 27%, and 4% for
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fractured shale permeabilities of 10217, 10218, and 10219 m2, respectively, shown in Figure 9f. The TTA1000 is
1.2%, 2.0%, and 0.9% for the same set of permeabilities, shown in Figure 10f. The increase in TTA1000 as per-
meability decreases from 10217 to 10218 m2 is attributed to the fact that less tracer is removed by the well
because of the lower permeability, which leaves more in the subsurface to migrate upward. The subsequent
decrease in TTA1000 as permeability decreases to 10219 m2 is because the drastically reduced shale perme-
ability hinders flow out of the shale formation into the overlying permeable pathway. Relative permeability
in the fractured shale plays a role in tracer migration, but without more data (e.g., capillary pressure-
saturation-relative permeability relationships from shale gas formations) it is difficult to determine whether
it will increase or decrease the amount of tracer that can reach an overlying aquifer. In any case, the TTA1000

for all these cases is relatively low in terms of risk to aquifer contamination.
6.2.7. Heterogeneity of Overburden
In the base case scenario, the overburden between the shale unit and the aquifer is represented as a homo-
geneous porous medium. In an alternative scenario, the overburden is represented using three equally
sized layers that together have the same effective vertical permeability (equation (5)) as the overburden in
the base case scenario. The middle layer is approximately 30 times less permeable than the top and bottom
layers. This scenario allows us to evaluate the extent to which a heterogeneous overburden will force more
flow horizontally and reduce the risk of aquifer contamination [Saiers and Barth, 2012].

The heterogeneous overburden reduced TTA1000 from 1.2% to 0.9% because the higher-permeability regions
of the overburden accept more horizontal flow of tracer. Once in the uncompromised overburden, the tracer
migration is slower until it can move back into the fracture. In reality, there are generally more than three dis-
tinct geological layers above major shale gas plays. This suggests that the reduction of HF fluid migration due
to overburden heterogeneity could be quite significant. Results are shown in Figures 9g and 10g.
6.2.8. Permeable Pathway Heterogeneity, Geometry, and Porosity
Permeable pathways are likely to be heterogeneous because fractures, faults, and wellbore microannuli
exhibit spatially variable aperture; they may have more complex geometries rather than being situated per-
fectly vertical; and their porosity is time varying (section 5.3). To evaluate the sensitivity of TTA to heteroge-
neity, we vary the permeability within the narrow permeable pathway while maintaining the same overall
effective vertical permeability (equation (5)). To evaluate the sensitivity of TTA to pathway geometry, we
simulate two simple cases wherein: (1) the permeable pathway has horizontal branches attached to the
main vertical path and (2) the pathway is circuitous such that flow must have vertical and horizontal compo-
nents to go through the pathway. We acknowledge that these geometries are idealized, but we include
results to qualitatively illustrate the influence of a more complex permeable pathway on HF fluid transport.
For the porosity sensitivity analysis, the base case scenario uses an intermediate porosity of 0.01, and the
porosity varies across the extremes of /5/fw50:001 and /5/vw50:051.

Permeable pathway heterogeneity, geometry, and porosity have little to no effect on TTA1000, as shown in
Figures 9h–9j and 10h–10j. There is no difference in TTA1000 for a narrow heterogeneous and narrow homo-
geneous permeable pathway because the flow is almost exclusively in the permeable pathway. One might
expect more tracer to be driven horizontally into the surrounding matrix near the low-permeability region
of the pathway, but this influence is not strong enough to affect TTA1000. On the other hand, because the
equivalent vertical permeability is the harmonic average (equation (5)), one small section of low-
permeability material within the permeable pathway can drastically reduce the effective permeability of the
entire pathway. This was confirmed in a simulation with less than 10 m of a good seal section (k510217 m2)
in an otherwise leaky permeable pathway (k58:3310211 m2); TTA1000 was only 631025%. This shows that
short distances of intact well cement and/or short discontinuities in fractures and faults could be enough to
preclude aquifer contamination. For the geometry sensitivity analysis, there is no difference in TTA1000 for a
branching permeable pathway geometry, and a minor reduction occurs in TTA1000 for a circuitous pathway
(TTA1000 5 1.0%). For the porosity sensitivity analysis, there is a small influence on the timing of the first
occurrence of TTA, but TTA1000 is not sensitive to porosity over a 1000 year time frame.
6.2.9. Buoyancy
We performed two types of sensitivity analyses on buoyancy. In the first sensitivity analysis, buoyancy was
neglected with all other parameters the same as in the base-case simulation. TTA1000 decreased from 1.19%
to 1.06% (see Figures 9k and 10k). The influence of buoyancy on TTA1000 is relatively small because the
buoyancy effect is short-lived and the pressure gradients associated with injection, imbibition, and produc-
tion are large in comparison with the buoyancy force. By the time production is complete (20 years after
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injection), the buoyancy force is less
than 5% of what it was initially, due to
mixing of brine with the injected fluid.
In a second sensitivity analysis, we
evaluated whether the influence of
buoyancy could be more significant
with a higher overburden permeability.
These simulations are only run for 100
rather than 1000 years because of the
decreasing influence of buoyancy with
time. HF fluid tracer profiles from the
second sensitivity analysis are shown in
Figure 12. As the overburden perme-
ability increases, the plume farther
moves upward and spreads more. The
top of the HF fluid plume is 60, 140,
420, and 1120 m above the injection
location after 100 years for overburden
permeabilities of 10217, 10215, 10214,
and 10213 m2, respectively (where the
‘‘top of the plume’’ is defined as the
height where the HF fluid concentra-

tion � 0:01% of the injected concentration). Tracer migration is fairly insensitive to buoyant forces if the
permeability of the overburden is small (� 10215 m2) and the distances between the aquifer and the shale
reservoir are large (� 1500 m). However with a high-permeability overburden (� 10214 m2) and short sepa-
ration distance (� 1000 m), the contribution of buoyancy could make a significant difference in TTA
because HF fluids could enter aquifers via much larger areas (not just via the permeable pathway). In an
overall assessment for deep shale reservoirs and low-permeability overburdens, buoyancy does not signifi-
cantly influence HF fluid migration, especially when imbibition and well production also occur
simultaneously.

7. Discussion, Suggestions for Future Modeling, and Conclusions

With the accelerated development of hydraulic fracturing using horizontal wells as a technology for efficient
recovery of gas and oil from unconventional reservoirs, concerns have been raised about the potential risks
to groundwater resources. There is an ongoing active debate on this issue in various forums [Howarth et al.,
2011]. To inform this debate objectively, several recent papers have developed numerical models of hydrau-
lic fracturing fluids in the subsurface to evaluate the prospects for groundwater contamination, and the U.S.
Environmental Protection Agency [2012] has commissioned modeling studies to evaluate hydraulic fracturing
fluid and gas migration. In this paper, we have presented a review of this relatively recent body of literature
on hydraulic fracturing fluid migration in the subsurface from a shale reservoir to an overlying aquifer. Our
review describes the various factors contributing to upward fluid flow, including topographically driven
flow, overpressured shale reservoirs, pressure increases due to the injection of HF fluids, buoyancy, and the
presence of a permeable pathway. It also discusses the results and critiques from previous modeling studies
[Myers, 2012a; Gassiat et al., 2013; Kissinger et al., 2013]. Our review uncovered that no previous modeling
studies have considered the combined influence of buoyancy, well operations, and capillary imbibition. We
therefore constructed a numerical model incorporating all these processes to investigate HF fluid migration
in the subsurface. Novel features of our single-phase flow model are the representation of the most relevant
multiphase flow effect (i.e., imbibition) using a sink term based on a semianalytical solution for spontaneous
imbibition, and the careful representation of subsurface flow and transport across five stages of simulation
that faithfully represent the prefracturing initial condition, injection, shut-in, production, and the period
after the well is plugged and abandoned. Similar to previous studies, our model includes a continuous, ver-
tical permeable pathway from the top of the shale reservoir to the aquifer, upward flow as in a regional dis-
charge zone, and considers a nonreactive, nonadsorbing tracer, to represent the most favorable conditions
for upward fluid migration.

Figure 12. HF fluid concentration profiles for different overburden permeabilities
100 years after hydraulic fracturing, as discussed in section 6.2.9. As overburden
permeability increases, the plume travels farther upward due to buoyancy. Well
suction, imbibition, the pressure gradient due to a regional discharge zone, and
the permeable pathway are excluded from these simulations to isolate the effect
of buoyancy. Data for this figure are found in supporting information Data Set S8.
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The new insights provided by our simulations are:

1. Most notably, the combined influence of imbibition and well suction significantly reduce the risk of aqui-
fer contamination (by up to a factor of 10 in our model) because (a) HF fluid is sequestered by capillary
imbibition or removed by the well and (b) the flow field is altered such that the HF fluid remaining in the
subsurface will largely be at greater depths, close to the wellbore. This suggests that previous modeling
studies that neglected imbibition and production may have overestimated the likelihood and quantity of
HF fluid that can migrate to shallow depths. It also suggests that a well should always be produced for a
certain length of time, even if it is not economical, in the interest of removing HF fluid from the subsur-
face and reducing the chance of aquifer contamination.

2. Reservoir overpressure has a vast range of possible effects. The worst case that we considered resulted in 8
times more TTA1000, but in many of the cases the results were no different than in the base case. Overpressure
is a parameter that can be further investigated and constrained in future studies, especially since there is
some ambiguity in the literature about how represent overpressure and associated well suction. See section
6.2.3 for a discussion of the different approaches to representing overpressure and subsequent production.

3. Buoyancy is likely much less important than the effects of capillary imbibition, well operations, and over-
pressure. Although it may appear intuitively that buoyancy should play an important role in the upward
migration of hydraulic fracturing fluids, the mobilization of buoyancy forces requires sufficient vertical
permeability. In typical reservoir situations, the low permeability of the overburden implies that the role
of buoyancy can be neglected in quantifying the upward migration of hydraulic fracturing fluids. Buoy-
ancy is, however, important if the separation distance is small and/or the overburden permeability is
large (section 6.2.9), and it is certainly very important in the case of gas migration [Reagan et al., 2015]
because free-phase gas is more buoyant than HF fluid.

Our model corroborates many conclusions derived from previous studies: (i) most notably, without a permea-
ble pathway, HF fluid cannot travel far enough to reach an overlying aquifer in most shale plays [Myers,
2012a], except possibly for shallow shales or those with highly permeable overburdens, (ii) a heterogeneous
overburden will encourage horizontal flow and decrease the amount of HF fluid that could reach an aquifer
[Saiers and Barth, 2012], (iii) overpressure can drive a significant amount of upward flow [Gassiat et al., 2013],
but well production could limit this effect substantially. In an overall assessment, our modeling results and
most previous studies suggest that the probability of aquifer contamination by hydraulic fracturing fluids is
relatively low. Although Myers [2012a] suggested the possibility of significant HF fluid migration even within
decades, many of the subsequent modeling studies suggest that fluid migration over vertical distances of the
order of 1–2 km will deliver very low amounts of fracturing fluid [Kissinger et al., 2013], or are significant only
over 1000 year time scales [Gassiat et al., 2013], even in the presence of a permeable pathway.

The general sense emerging from various modeling studies is that the probability of hydraulic fluid migra-
tion over the large vertical distances that separate the upper limit of induced hydraulic fractures and deep-
est groundwater aquifers is very small. However, the same may not be true if HF is performed at shallow
depths. Evidence for this claim comes from: (i) our result that upward migration can be on the order of
100 m through relatively low-permeability overburden, even if no permeable pathway exists (section 6.1);
(ii) the dependence of gas migration on separation distance between reservoir and aquifer [Reagan et al.,
2015], which is assumed to extend to HF fluid migration; and (iii) the expectation that the likelihood of a
continuous permeable pathway will increase as the separation distance decreases. To better understand
extreme worst-case scenarios, future modeling studies should focus on attempting to explain the rare
reported instances where HF fluid migration to shallow aquifers may have occurred within short time
frames. Some of these case studies are discussed below:

1. Fracturing fluid gel (rather than slick water) was found in a drinking water well in Jackson County, West
Virginia in 1982. The water well was 128 m in depth [U.S. Environmental Protection Agency, 1987], and the
gas well was �1220 m deep [Vidic et al., 2013]. The casing was cemented below the bottom of the drink-
ing water aquifer, and no state regulations were violated [U.S. Environmental Protection Agency, 1987].
There were four nearby gas wells that could have served as conduits for fluid migration [Vidic et al.,
2013].

2. Thermogenic and biogenic natural gas and BTEX above regulated limits were found in West Divide Creek
in Garfield County, CO in 2004. The source of the BTEX is uncertain, but it could have been from HF fluid.
Previous studies on the area have identified natural faults, natural fractures, and wellbore integrity issues
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as likely pathways for gas and fluids [Mordick, 2011]. The culprit is believed to be an improperly
cemented well [Mordick, 2011].

3. In 2008, home owners living near Pavillion, WY complained to the U.S. EPA about the taste and odor of
their well water [DiGiulio et al., 2011]. The EPA’s initial study found many chemicals associated with HF
fluids in the aquifer and claimed that they were likely due to HF [DiGiulio et al., 2011], but questions
about the methodology arose [Wright et al., 2012; Vidic et al., 2013]. The U.S. EPA, the U.S. Geological Sur-
vey, and the Wyoming Department of Environmental Quality have all studied this site, and the investiga-
tion is ongoing [DiGiulio et al., 2011; Wright et al., 2012].

The geology and drilling depths make the Pavillion, WY case somewhat unique from many shale gas
plays. First of all, the target formation, the Lower Wind River formation, is a sandstone rather than a shale
[Wright et al., 2012], and would therefore have a higher permeability associated with it. Secondly, fractur-
ing occurred at a shallow depth without much distance between the drinking water resource and the
production zone (although these are similar distances between drinking water and shale gas in the New
Albany and Antrim shales). Gas wells have surface casings as shallow as 110 m BGS and were hydrauli-
cally fractured as shallow as 372 m BGS. Some water wells are screened below the gas well surface cas-
ings (as deep as 244 m BGS) [DiGiulio et al., 2011].

4. In 2010, annular pressure (also known as bradenhead pressure) exceeded the allowable pressure (>24 atm)
at several gas wells drilled to the Marcellus on the Welles property in Bradford County, PA [Llewellyn et al.,
2015]. Shortly thereafter, natural gas, sediment, and white foam were observed in at least three nearby water
wells and one water well had detectable levels of 2-n-Butoxyethanol, a surfactant that is sometimes used in
drilling and fracturing fluids. Isotopically, the methane in the water wells matched the methane in the annu-
lar space of the gas wells. Llewellyn et al. [2015] claim that if fracturing fluid did contaminate the shallow aqui-
fer, it is much more likely that the fluid came from a surface spill or from a shallow subsurface leak rather
than from the Marcellus. Numerical modeling could serve to further evaluate this claim.
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